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Preface

Concerned with the existing oilfield production decline, the shortage of new oil 
reserves, and increasing world energy demand, the oil sector continues to search 
for economic and efficient techniques to enhance their oil recovery from the oil 
field using several EOR methods. Despite its high efficiency, widely acclaimed 
potentials, and limitations, the LSWF, hybrid, and nanotechnology applications 
have gained vast interest with promising future to increase ultimate oil recovery, 
tackle operational challenges, reduce environmental damage, and allow the highest 
feasible recoveries with lower production costs. This synergistic combination has 
opened new routes for new materials with fascinating properties. This book intends 
to provide an overview of some EOR technology such as LSWF, hybrid, and nano-
technology application in EOR processes.

This book contains seven chapters and it aims to provide readers with a comprehen-
sive overview of the latest advancements in EOR processes and technologies such as 
China Offshore Chemical EOR scenario, direct gas thickener, surfactant flooding, 
LSWF, hybrid EOR, CO2-EOR, and nanotechnology application in EOR. The seven 
chapters have been selected because they represent areas of EOR technology for 
which sufficient technical progress has been achieved to result in technological 
advancement.

I have enjoyed working with the authors of this book, who have been most diligent 
in preparing their chapters. I wish to thank them for their contribution, patience, 
and commitment in the process. Each chapter is designed to help the reader gain 
insight on the most important aspects of each topic.

On behalf of the authors, I would like to extend our heartfelt gratitude to 
IntechOpen and Sara Bacvarova, Author Service Manager, for their support and to 
all the staff who have provided input, drafted, revised, and produced this book.

It is my hope that this book is used as a source of knowledge and technology, by 
all concerned about the better future of the oil sector and world energy supply 
demand.

Ariffin Samsuri
University of Technology Malaysia,

Malaysia
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Chapter 1

Hybrid EOR Methods Utilizing 
Low-Salinity Water
Peyman Pourafshary and Nikoo Moradpour

Abstract

Low-salinity water (LSW) flooding has been applied in sandstone and carbon-
ate formations to improve oil recovery. Wettability alteration by LSW has been 
identified as the dominant driving mechanism for the incremental oil recoveries. 
LSW flooding has been combined with other EOR methods to develop new hybrid 
approaches to improve crude/brine/rock (CBR) interactions with the objective 
of overcoming some of the LSW flooding downsides, which include oil trapping 
and fine migration. Hybrid methods can provide higher oil recovery than each 
stand-alone technique. For instance, changes in gas solubility during LSW injection 
positively affect the performance of LSW/gas hybrid injection. LSW/surfactant 
flooding can contribute to incremental recovery by simultaneously lowering 
interfacial tension (IFT) and wettability alteration. The synergistic effect of fluid 
redistribution by LSW and enhanced water mobility by polymer flooding improves 
oil detachment and displacement in porous media through the application of the 
hybrid approach LSW/polymer flooding. Nanoparticles (NPs), mainly SiO2, can 
alter wettability toward more water wetness in combination with LSW, and hot 
LSW can improve heavy oil production by reducing viscosity. Hence, the synergis-
tic effect of hybrid EOR methods based on LSW flooding is considered a novel EOR 
approach to improve oil recovery.

Keywords: hybrid EOR, LSW, WAG, surfactant, polymer, nanofluid, hot water, 
wettability, IFT

1. Introduction

Waterflooding is the most widely used method to increase oil recovery. Recent 
studies show that in many cases, by modifying the salinity and ionic content of 
the injected water, oil recovery by waterflooding improves. The injection of water 
with lower salinity or adjusted ion composition triggers different mechanisms that 
modify the wettability of sandstone and carbonate formations. The bonding of 
polar components in the crude oil with the carbonate or sandstone rock surface 
is affected by the salinity and composition of the injected water, which generally 
produces wettability alteration of the rock surface. Several mechanisms have been 
proposed in the literature for low-salinity water flooding EOR, such as fine migra-
tion, rock dissolution, pH increase, multicomponent ion exchange, and double-
layer expansion. The combination of these mechanisms is believed to affect the oil 
recovery in carbonate and sandstone formations. For more information on LSW 
and the governing mechanisms, the reader is referred to [1].
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The idea of combining two (or more) EOR methods, known as hybrid methods, 
has been investigated recently to promote the activation of several oil recovery 
mechanisms to increase the ultimate oil recovery, tackle operational challenges, 
reduce environmental damage, and lower the production costs. Hybrid methods can 
be optimized for different injection scenarios to achieve the highest feasible recover-
ies. LSW flooding has been found to be effective when combined with gas injection 
(mainly CO2), surfactant and/or polymer flooding, nanofluid injection, and hot water 
injection, each of which can improve the oil recovery through several mechanisms 
such as mobility control, wettability alteration, IFT reduction, etc. Experimental and 
modeling studies reviewed in this chapter have found that LSW hybrid methods can 
provide up to 30% original oil-in-place (OOIP) incremental oil recovery.

2. LSW/gas hybrid EOR technique

The application of hybrid LSW/gas flooding has recently attracted the 
attention of different researchers. Various injection schemes have been studied 
using experimental and simulation approaches. LSW can be injected into water 
alternating gas (WAG) or simultaneous water alternating gas (SWAG) modes. 
Moreover, gas may be injected after completion of LSW injection to improve 
the total oil recovery. CO2 is generally used as the injection gas in this hybrid 
approach as it is cheap, has a lower minimum miscibility pressure (MMP), and 
provides environmentally positive results. Injection of LSW affects the solubility 
of gas in water and, consequently, the gas/oil interaction and oil recovery. There 
are two different observations during the hybrid injection of gas and LSW. Some 
researchers reported benefits from the application of this hybrid method, while 
others did not observe any incremental recovery compared to continuous gas 
injection (CGI).

Experimental and modeling studies show that the solubility of gas, especially 
CO2, in brine increases with decreasing salinity of water due to the salting out effect 
[2–5]. Hence, higher CO2 solubility results in lower amount of free gas available 
to come into contact with the oil and improve oil mobility, which reduces the 
oil recovery. On the other hand, many other experiments resulted in higher oil 
recovery at lower water salinities, as higher solubility increases the gas diffusion 
in water, which affects the waterfront, mobility ratio, and stability of the injection 
fluid. Improvement in these parameters leads to lower fingering of the injected 
fluid that increases its contact with previously bypassed oil droplets in the porous 
media. Therefore, dissolved gas in water changes the shape of the waterfront which 
contacts unswept oil more easily than free gas.

In both carbonate and sandstone formations, hybrid LSW/gas injection can be 
beneficial if it can alter the mobility of the injected fluid. Aleidan and Mamora [6] 
investigated different schemes of water/CO2 injection such as SWAG and WAG at 
different salinities to study the effect on oil recovery in carbonate core samples. 
They observed higher oil recovery for both injection schemes when switching to 
LSW, as shown in Figure 1. More dissolution of gas in brine reduces the mobility of 
the injected fluid. An important observation in this study was that the LSW alone 
was not effective; hence, the observed incremental oil recovery was due to the 
hybrid method and the synergy between gas injection and LSW injection.

The same trend was observed by Jiang et al. [7]. They investigated the effect of 
water salinity on the performance of WAG during miscible flooding in sandstones 
using a highly viscous crude oil. Higher solubility of gas in low-salinity water con-
trols the mobility of the water and reduces the mobility ratio of water and viscous 
oil. Hence, they observed better oil recovery, as shown in Figure 2.
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Kumar et al. [8] experimentally studied the effect of hybrid smart water/CO2 
flooding into sandstone samples with high clay content. 0.5 NaCl, 0.5 KCl, and 
0.5 wt% MgCl2 solution were used as smart brines for the hybrid method. They 
observed that smart water alternating gas injection controlled the mobility ratio of 
the fluids injected and reduced fluid channeling and oil bypassing effects. Hence, 
smart water alternating immiscible gas flooding recovered more oil than the 
stand-alone smart water and continuous gas injection (CGI) in their experiments. 
It should be noted that the rock samples in their study were initially water wet; 
therefore, wettability alteration by smart water was not the dominant mechanism 
during the hybrid EOR.

If the initial mobility ratio of water and oil is favorable, application of the hybrid 
method does not provide any benefit, as it does not affect the flow front stability. In 
these cases, salting out effect becomes more dominant, which reduces the amount 
of free gas contacting oil during the hybrid method. Hence, switching to LSW alter-
nating gas (LSWAG) reduces the oil recovery. In [7], the LSWAG method was used 
to improve the recovery of a model oil composed of n-decane and n-hexadecane 
in sandstones. Due to the low viscosity of the oil and the homogeneity of the small 
artificial cores used in their experiments, the initial sweep efficiency was high, 
and LSWAG did not have a noticeable effect on oil recovery as shown in Figure 3. 
Hence, LSWAG is not recommended at these conditions.

Figure 1. 
Recovery factor of oil and cumulative water production at different salinity levels (0, 6, and 20%) (i.e., 
0 wt.%-oil and 0 wt.%-water are oil production and water production by water injection with salinity of 0%, 
respectively): (a) SWAG, (b) WAG [6].

Figure 2. 
The effect of brine salinity (in ppm) during hybrid LSW/gas WAG injection on oil recovery at secondary 
(waterflooding) and tertiary modes [7].
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Another factor that should be considered for an effective hybrid LSW/gas 
method is the performance of CGI. Wherever the recovery by stand-alone gas 
injection is high, application of the hybrid method does not provide noticeable 
incremental oil. For example, Al-Shalabi et al. modeled the hybrid injection of LSW 
and miscible CO2 into carbonates using UTCOMP simulator. In their studies, the 
recovery factor by CGI was 98.9%, and shifting to the hybrid method just changed 
it to 99.7% by viscous fingering control [9]. Hence, in similar conditions, where the 
dominant mechanism is the miscibility of the gas, application of the hybrid method 
is not recommended.

An important parameter that affects the success of the hybrid LSW/gas method 
is the initial wettability of the rock. Wettability alteration from oil wet to water 
wet is considered as one of the main reasons for the positive performance of LSW, 
especially in sandstones [10]. Hence, if the initial wettability of the rock is water 
wet, LSW and consequently the hybrid method do not work. In this condition, 
the salting out effect controls the recovery mechanism during hybrid injection. 
Ramanathan et al. experimentally studied seawater alternating gas (SeaWAG) and 
LSWAG injection to recover oil from water-wet sandstone [11]. The recovery factor 
in LSWAG was lower than SeaWAG as the rocks were initially strongly water wet. 
Conversely, in an aged oil wet core, recovery by WAG changed from 76 to more than 
97% when the water utilized changed from seawater to low-salinity brine, as shown 
in Figure 4.

The importance of the initial wettability was also confirmed by Teklu et al. [1]. 
They did several contact angle measurements for carbonate, sandstone, and shale 
samples at different initial wettability conditions, as shown in Figure 5, in which, 
case A shows the initial contact angle of an oil-wet disk, while case D shows the 
original water-wet condition of rock before aging by the oil. B and C cases show 
alteration in the contact angle by sample aging in seawater and CO2 and in low-
salinity brine and CO2, respectively. LSW/CO2 is more effective in the presence of 
CO2 because the wettability of the rock changes toward a more hydrophilic surface. 
As shown, this mechanism is more effective when the initial wettability is oil wet.

In [13], Al-Abri et al. experimentally studied the hybrid immiscible CO2 and 
smart water injection into sandstone core samples. They investigated the syner-
gistic effects between gas injection and different ions in the water samples. Three 
synthetic brines were used in their work which contained 5000 ppm NaCl, MgCl2, 
and KCl, respectively. Considerable improvement in oil recovery was observed, as 
shown in Figure 6. The maximum solubility of CO2 in brine was observed in the 

Figure 3. 
The effect of salinity during hybrid LSWAG injection on recovery of low-viscosity oil (green curve is for 
secondary water flooding, red curve is for LSWAG, and blue curve is the total recovery) [7].
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water containing MgCl2, which also showed the lowest oil recovery among the three 
tests. In their work, smart water samples were effective, altering the wettability 
of the rock to more water wet without gas injection due to multicomponent ion 
exchange.

Hence, generally, wherever the LSW alone is effective, the hybrid method shows 
good performance and provides higher oil recovery than CGI and high-salinity 
water alternating gas. This point was also observed and confirmed by [14, 15]. 
AlQuraishi et al. [14] showed that low-salinity alternating miscible CO2 method was 
useless for clay-free sandstones, but wherever clays were present, the recovery value 
was 35.1% of the OOIP for LSWAG.

A study by Yang et al. [16] showed that at a constant pressure and temperature 
conditions, the presence of CO2 reduces the oil/brine IFT. Hence, this may also be 
considered as one of the mechanisms for incremental oil recovery by the hybrid 
method. References [1, 12] observed a reduction in IFT of less than 10 dynes/cm. 
On the other hand, in [8], higher IFT in the presence of CO2 was reported. It should 
be noted that the alteration in IFT is not significant and cannot be considered as 
a dominant mechanism during the hybrid LSW/gas approach. In [17], Bennion 

Figure 4. 
Oil recovery and pressure drop across an oil-wet core during LSW alternating CO2 [12].

Figure 5. 
Contact angle alteration by sample aging in high-salinity brine/CO2 and low-salinity brine/CO2 [1].
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et al. experimentally concluded that the increase in CO2 solubility in low-salinity 
brine reduces the IFT of CO2 and brine, which may lead to wettability alteration. 
Therefore, it can be considered that wettability alteration and mobility control 
are the dominant mechanisms for hybrid LSW/gas methods. In cases in which the 
initial wettability is water wet, the LSW stand-alone is not effective. In these situ-
ations, mobility control is the mechanism that shows the most important effect in 
improving oil recovery.

Different injection schemes have been applied to study the benefits of hybrid 
methods. Besides WAG and SWAG, the injection of CO2 after LSW flooding pro-
vides extra oil recovery and can be considered as a novel approach for application 
in oil fields. Teklu et al. observed more than 20% incremental oil recovery by this 
approach [1].

Hybrid methods are also beneficial in terms of decreasing the operational 
costs of enhanced oil recovery processes. Previous research [9] has shown that the 
application of simultaneous LSW alternating gas leads to faster production of oil, as 
shown in Figure 7. This occurs due to the alteration of the reservoir rock wettabil-
ity that increases the oil relative permeability. Also, the application of hybrid gas/
LSW methods reduces the gas utilization factor. Kulkarni et al. observed a lower gas 
utilization factor during LSW alternating miscible CO2 flooding [18]. However, this 
issue should be considered carefully during immiscible flooding, because the higher 
solubility of CO2 in LSW requires more gas to make contact with the oil, which 
increases the gas utilization factor. Thus, more experimental and modeling studies 
are required in this area.

Most of the previous research in this area has focused on the performance of 
hybrid methods in sandstones. Analysis of the special interaction of LSW and 
gas with carbonate rock needs more investigation. For example, rock dissolution 
is considered as an effective mechanism during LSW injection in carbonates. 
Hence, geochemical analysis is essential to study the hybrid LSW/gas injection in 
rocks with high calcite and dolomite content. An earlier work [19] has performed 
simulations to compare the geochemical analysis results of LSW, CGI, and hybrid 
methods for different types of carbonates. Results indicated that hybrid methods 
can accelerate the dissolution process especially for high dolomite concentrations. 
Consequently, comprehensive experimental studies are required to investigate the 

Figure 6. 
Oil recovery and pressure drop for hybrid smart water alternating CO2 flooding. (a) 5000 ppm MgCl2 (top 
left), (b) 5000 ppm NaCl (top right), and (c) 5000 ppm KCl (bottom) [13].
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Figure 6. 
Oil recovery and pressure drop for hybrid smart water alternating CO2 flooding. (a) 5000 ppm MgCl2 (top 
left), (b) 5000 ppm NaCl (top right), and (c) 5000 ppm KCl (bottom) [13].
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geochemical parameters during hybrid LSW/gas injection methods to explain the 
oil recovery mechanisms of these processes.

Up to now, most of the work conducted in this area has been experimental 
research. There are few simulation studies in this field. Dang et al. [20] simulated 
a hybrid LSW alternating miscible CO2 flooding injection in a 1D heterogeneous 
core and then upscaled the model to simulate the process at field scale. Their study 
showed that the hybrid approach overcomes the WAG late production problem. We 
recommend a comprehensive field-scale simulation study based on experimental 
work to analyze the practical benefit of hybrid approaches.

3. LSW/polymer hybrid EOR technique

Polymer flooding, as a well-known and effective EOR method, can also 
be considered as a complementary method to enhance the capability of LSW 
flooding as a hybrid approach. Polymer flooding affects the macroscopic sweep 
efficiency in porous media by improving the displacement mobility ratio. On the 
other hand, LSW flooding affects the microscopic sweep efficiency by changing 
CBR interactions and wettability. Hence, the hybrid low-salinity/polymer flood-
ing provides the benefits of both methods and can be considered as a novel EOR 
approach.

Different injection schemes were experimentally studied and modeled in the 
literature. LSW can be injected as a preflush before polymer flooding, or polymer 
can be injected prior to LSW. The first approach is more effective than the second 
one because the injection of LSW changes the wettability to more water wet, which 
alters the distribution of the remaining oil saturation in the porous medium. Oil 
droplets are detached from small pores and accumulated in bigger and middle-sized 
pores. Hence, the injection of polymer recovers the redistributed oil more easily. 
Torrijos et al. [21] experimentally investigated the synergy between LSW flooding 
and polymer flooding in sandstones. Both injection modes were studied by injecting 
a low-salinity polymer (LSP), which was prepared by dissolving 1000 ppm hydro-
lyzed polyacrylamide (HPAM) in 1000 ppm NaCl brine as LSW. Figure 8 shows 
that the hybrid LSW/LSP provides around 20% higher total oil recovery than the 
LSP/LSW method.

A similar trend was observed by Alsofi et al. [22] who studied the synergy 
between LSW/polymer flooding in a carbonate formation. In this work, heavy 
crude oil, high-salinity (69,000 mg/L) brine, and low-salinity brine (6900 mg/L) 

Figure 7. 
Faster production of oil by LSW alternating gas injection than CGI [9].
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were used. After secondary waterflooding, polymer flooding followed by polymer-
LSW flooding provided more than 24% OOIP additional recovery, as shown in 
Figure 9. The same findings were reported by [23–25].

Hence, the sequence of injection affects total oil recovery. Almansour et al. 
experimentally investigated the hybrid LSW/polymer flooding method in Berea and 
Bentheimer sandstone samples. Persian Gulf brine and a 10 times diluted sample 
were used as the high-salinity and low-salinity brines, respectively. The hybrid 
method recovered more than 12% extra oil by switching from LSW to polymer in 
the Berea sandstone and more than 29% for the Bentheimer sample. Continuing 
LSW as the tertiary method and then converting to polymer flooding were also 
recommended based on their results [26]. Likewise, Tahir et al. showed that injec-
tion of polymer after LSW or smart water provides higher oil recovery than the 
oil recovery obtained by polymer injection before LSW. It is speculated that in this 
flooding sequence (i.e., polymer flooding before LSW), the LSW may follow the 
same paths as the polymer fluid, which inhibits the direct contact of LSW with the 
oil/rock interface. In contrast, the preinjection of LSW can alter the wettability of 
the rock by direct contact making oil detachment from rock surfaces easier, which 
aids the displacement of oil in the subsequent polymer flooding stage [27].

In addition to experimental studies, modeling approaches have also confirmed 
the benefits of hybrid LSW/polymer flooding. Khorsandi et al. [28] developed 
the first analytical solution for combined LSW/polymer flooding in sandstone to 
describe the synergy of this hybrid process, which allows recognizing the effective 
parameters and the mechanisms controlling oil recovery. This hybrid method was 

Figure 8. 
Oil recovery by two combinations of polymer flooding and LSW flooding [21].

Figure 9. 
Recovery profile for tertiary hybrid flooding method [22].
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also simulated by Mohammadi and Jerauld [29], who showed higher oil recovery as 
displayed in Figure 10 that shows that injection of polymer after LSW gives better 
performance than polymer injection and stand-alone LSW flooding. Furthermore, 
this study showed that wettability alteration by LSW and the simultaneous increase 
in brine viscosity, reduction of the relative brine permeability, and mobility control 
during polymer flooding improved the fractional flow of the process, as shown 
in Figure 11. The adjustment in fractional flow was also modeled by [30], which 
confirms the stable shock fronts during LSW/polymer flooding. As polymer cannot 
invade the inaccessible pore volume, the water remaining after LSW will be immo-
bile in these pores, which reduces the channeling in the formation [31]. Hence, the 
hybrid method can control the unstable front and the channeling of low-viscosity 
LSW into the viscous oil. This makes the LSW/polymer hybrid method even more 
effective in heavy oil formations.

Other injection schemes have also been discussed and studied as reported in the 
literature. For example, Lee et al. modeled the process of polymer-assisted carbon-
ated LSW flooding (PCLSWF) as a new hybrid method [32]. Different mechanisms 
are involved during PCLSWF, such as wettability modification by LSW, oil swell-
ing, oil viscosity reduction by the gas, and mobility enhancement by the polymer. 
Also, higher pressure in the porous media in the presence of polymer leads to more 
dissolution of CO2 in the brine and more transport of gas to the oil phase. Hence, 

Figure 10. 
Oil recovery modeling by hybrid method injection and comparison to other EOR approaches [29].

Figure 11. 
Comparison of fractional flow of high-salinity, low-salinity, polymer, and hybrid flooding by modeling [29].
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PCLSWF showed better performance than LSW flooding, hybrid low-salinity poly-
mer flooding (LSPF), and hybrid carbonated LSW flooding (CLSWF), as shown 
in Figure 12 [32]. Another study was conducted by Eikrem to analyze oil recovery 
by combining low-salinity injection and surfactant/polymer (SP) flooding. Cores 
with different initial wettability were flooded initially by the high-salinity water 
(HSW) and then with a surfactant solution in tertiary mode, followed by a polymer 
injection for mobility control. They found that injecting a 600 ppm HPAM polymer 
solution after the surfactant injection improved the ultimate recovery of oil [33]. 
Mjøs observed a similar behavior [34].

Interactions between polymer and LSW affect different governing parameters in 
the EOR process. Lower salinity has an influence on the polymer injectivity, reten-
tion, polymer stability, and rheological factors such as viscosity. Alsofi et al. studied 
the effect of LSW on the polymer solution properties by single-phase core flooding 
tests in carbonate samples. Anionic sulfonated polyacrylamide polymer was used as 
the polymer, and two samples of water with salinity of 244,000 and 24,400 mg/L 
were used as high- and low-salinity brines, respectively. They found that at lower-
salinity concentration, coiling of the polymer backbone is reduced due to lower 
existing ions in LSW. Therefore, there are more repulsive interactions among the 
polymer chains causing the expansion of the polymer backbone, which results in 
higher viscosity of the polymer solution that leads to pressure buildup and slightly 
lower polymer injectivity [35].

The better solubility of polymer in LSW leads to the alteration of the polymer 
retention, which is critical for the technical and economical design of the process. In 
[35], it was indicated that the polymer retention decreased by 10–28%, which was 
noticeable. Expansion of the polymer chains due to repulsion results in the fitting of 
fewer polymer molecules on the adsorption rock surface sites, which reduces the reten-
tion. In [26], Almansour et al. also confirmed a reduction in the retention of polymer 
by using LSW. A decrease in polymer adsorption was also reported by [36]. Modeling 
has also showed that lower concentrations of polymer are required to establish a stable 
displacement front in the LSW/polymer approach than the HSW/polymer [29].

This synergistic effect also reduces the consumption of polymer, which is a 
positive point. At lower salinity, a lower polymer concentration is required to 
achieve the target viscosity, which makes the polymer flooding process more 
cost-competitive. In addition to the reduction of transportation costs, storage, and 
polymer handling, this behavior was also confirmed by [22]. Brine salinity also 
affects the stability of the polymer solution in some special conditions. Levitt et al. 
[37] showed that at lower ion composition, especially at low calcium concentration, 
HPAM is more stable at higher temperatures.

Figure 12. 
Oil recovery of PCLSWF compared to other EOR methods in core scale (left) and pilot scale (right). LSWF is 
LSW flooding, LSPF is low-salinity polymer flooding, and CLSWF shows the carbonated LSW flooding [32].
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Different operational parameters affect the performance of the LSW/polymer 
hybrid method, which should be considered at the design stage of the flooding pro-
cess. The main parameters that should be studied are the initial wettability of the 
rock, smart water design (salinity concentration and composition), and the hybrid 
method initiation time. Shiran et al. studied the synergy of LSW/polymer flooding 
by core flooding experiments in sandstone samples [31]. The LSW was obtained 
by diluting 10 times seawater. Flopaam 3630S polyacrylamide with a hydrolysis 
degree of 25–30% was added to the LSW in concentrations of 300 and 1000 ppm to 
prepare the polymer solution. Aluminum citrate was added to the polymer solution 
to cross-link the polymer chains. This study revealed that the initial wettability of 
the porous medium was a critical factor affecting the success of the hybrid method, 
because incremental oil recovery was not observed during the polymer flooding 
step in the hybrid LSW/polymer injection scheme in core plug samples that were 
strongly water wet. However, the injection of polymer after LSW was effective for 
intermediate water-wet core samples, as shown in Figure 13. In water-wet forma-
tions, there are more adsorption sites available on the rock surfaces; thus, polymer 
retention is higher, which affects the performance of the method. Moreover, it was 
observed by [34] that the performance of the hybrid method was better in less 
water-wet conditions.

Another important parameter in the design of the hybrid method is the appro-
priate time to switch from conventional waterflooding to the hybrid method. A 
numerical simulation study of the hybrid LSW/polymer flooding conducted in 1D, 
2D, and 3D reservoirs indicated that the hybrid method should be started at water 
cuts less than or equal to 75% to achieve improvement in oil recovery [30]. Hence, 
a comprehensive economic study is required to design the optimum case for field 
applications.

Ion management is a critical parameter to design smart waters and improve the 
performance of the diluted LSW/polymer flooding. Alteration in ion concentra-
tions and ion types can affect the properties of the polymer solution, which must 
be considered during the design of hybrid polymer and smart water flooding. 
Experiments in [27] aimed to study the effect of active ions such as sulfate on the 
performance of the hybrid methods. The presence of sulfate affects the polymer 
solution viscosity, as shown in Figure 14.

The application of the LSW/polymer flooding offers economical and technical 
benefits for EOR applications. For example, the water cut is reduced compared to 
the stand-alone polymer or LSW flooding, as confirmed by simulations conducted 

Figure 13. 
Oil recovery during secondary mode LSW flooding followed by polymer flooding and linked polymer solution 
(LPS) flooding [31].
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by Santo and Muggeridge [30]. Also, the oil recovery by LSW/polymer flooding was 
established to be slightly better than the conventional surfactant/polymer chemical 
flooding [22]. This is an important observation because the hybrid method could 
provide higher oil recovery at a lower cost. The studies reviewed in this section 
confirm the synergistic effect of combining LSW/polymer flooding.

4. LSW/surfactant hybrid EOR technique

The main mechanism responsible for the effectiveness of LSW in improving oil 
recovery is the alteration of the wettability of the rock toward more water wet that 
causes the detachment of oil films from the rock surface. The injection of surfactant 
reduces the interfacial tension (IFT) between crude oil and brine and alters the 
wettability of the rock reducing the capillary forces that have trapped oil in the 
porous media. Therefore, the combination of LSW and low-salinity surfactant 
(LSS) in LSW flooding could be an efficient approach by combining the effect of 
oil layer destabilization by LSW and reduction of the IFT by the surfactant. This 
hybrid method provides higher incremental oil recovery than either stand-alone 
techniques.

LSW makes the environment more favorable for an effective surfactant flood-
ing, while LSS solubilizes some of the residual oil via Winsor type II microemulsion. 
Several studies have reported high tertiary oil recovery values by surfactant injec-
tion after LSW flooding in both carbonate and sandstone formations. For example, 
according to [38], 5–7% incremental oil recovery was observed by injection of 
sodium dodecyl benzene sulfonate surfactant (SDBS) after LSW into sandstones. 
Similarly, Alameri et al. observed up to 10% incremental oil recovery by LSS after 
LSW injection into carbonate core samples [39].

Application of the LSW/LSS hybrid method results in lower surfactant con-
sumption, lower operational costs, and fewer operational problems. For instance, 
it is less challenging to achieve a low IFT during surfactant flooding at low-salinity 

Figure 14. 
Polymer steady-state viscosity at different temperatures for different types of solution brines (SSW stands for 
synthetic seawater) [27].
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conditions. Likewise, in these conditions, there is reduced surfactant retention and 
increased surfactant stability and solubility.

In this hybrid process, the dominant mechanisms for increased oil recovery are 
wettability alteration by LSW and IFT reduction between the crude oil and brine by 
LSS. Alagic et al. studied this hybrid method through core flooding tests and ana-
lyzed the performance of LSS injection after LSW into sandstone samples. Olefin 
sulfonate was used as the surfactant in these tests. The results show more than 
90% oil recovery of the OOIP when surfactant is injected after LSW. This injection 
sequence produces higher oil recovery than the injection of surfactant after high-
salinity water (74% OOIP), as shown in Figure 15 [40]. Injection of LSW makes the 
system more water wet, which aids the detachment of oil droplets and reduces the 
capillary force, making easier the displacement of oil during the surfactant flooding 
process. Surfactant injection in a low-salinity environment is more effective, as the 
presence of the divalent ions contained in high-salinity water attenuates IFT reduc-
tion due to the formation of water-in-oil microemulsions.

The achievement of ultralow IFT during LSS is critical; however, several studies 
have demonstrated that wettability alteration by the hybrid LSW/LSS approach 
can be very effective. Therefore, in this process, wettability alteration is considered 
the dominant mechanism for oil recovery. Johannessen et al. [41] used branched 
C12–13 alcohol-xPO-sulfates as the surfactant, olefin sulfonate as the co-surfactant, 
and secondary butanol (SBA) as the cosolvent to evaluate the performance of LSW/
LSS flooding from Berea sandstone cores in terms of oil recovery. Two flooding 
conditions were studied: in the first case, the core was flooded using low-salinity 
brine corresponding to 0.07 times the seawater salinity (diluted case), and the other 
one was flooded at the optimum salinity of surfactant flooding obtained from phase 
behavior screening and IFT measurements (optimum salinity case). The same 
oil recovery was observed for both cases, as shown in Figure 16. Incremental oil 
recovery beyond expectations by the capillary number changes is explained by the 
synergistic effect of the low-salinity surfactant flooding, even at IFT values above 
ultralow IFT values.

The same behavior was observed by Khanamiri et al. during LSW/LSS flooding 
of sandstone samples [42]. The incremental oil recovery by LSS after LSW was in 
the range of 2–6% OOIP. They observed that the oil mobilization in the process 
was mostly due to wettability alteration by LSW and LSS and IFT reduction cannot 
be considered as the dominant mechanism. As the salinity of the solution was not 
at the optimum salinity condition, ultralow IFT was not achieved; however, the 
significant wettability alteration caused by LSS flooding verified from contact angle 
measurements (quartz crystal microbalance (QCM) on silica-coated crystals) com-
pensated the effect of having a value of IFT higher than the desired ultralow IFT 

Figure 15. 
Oil recovery, water cut, and effluent pH during LSW/LSS injection (left) and synthetic seawater (SSW)/LSS 
flooding (right) [40].
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value. Figure 17 shows the alteration in contact angle for different treated brines. 
This figure indicates the initial contact angle and the angles after aging in high-
salinity water, in LSW, and in LSS. As can be seen, wettability alteration toward 
water-wet condition occurred for all cases with different types of LSW. However, 
different ion contents affected the magnitude of wettability alteration.

The effect of surfactant on wettability alteration was also observed by Teklu et al. 
[43]. They measured the contact angle of different carbonate and sandstone rock 
disks saturated with oil in low-salinity brine in the presence and absence of nonionic 
ethoxylated alcohol surfactant. They found that the presence of surfactant decreases 
the contact angle and makes the system more water wet. Reduction in IFT and 
alteration of rock wettability by LSS can increase oil recovery in cases when LSW 
is not effective alone. For example, core flooding experiments conducted by Spildo 
et al. showed that the application of surfactant-free LSW does not increase oil 
recovery, while LSS produces incremental oil recovery, as shown in Figure 18 [44].

These synergistic mechanisms (i.e., wettability alteration and reduction of 
IFT) in the hybrid LSW/LSS method provide higher oil recovery than the recovery 
expected from the capillary desaturation curves (CDC). Studies in [44, 45] showed 
that during the LSS after LSW, the capillary number was about 10−4, which is not 
high enough to achieve noticeable incremental oil recovery, as observed in the 
experiments [46]. Hence, oil detachment and redistribution due to rock wettability 
alteration during LSW make the LSS performance better than the estimation from 
the CDC.

Figure 16. 
Oil recovery and dP profiles for injection of seawater followed by LSW and low-salinity surfactant at diluted 
case (left) and optimum salinity (right) [41].

Figure 17. 
Contact angle for deionized water droplet/air/silica after different treatments [42].
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Shaddel et al. evaluated the incremental oil recovery obtained from LSW, LSW/
surfactant, and LSW/alkali injection in Berea and Bentheimer sandstones in tertiary 
mode. Sodium hydroxide and sodium dodecyl sulfate dissolved in 0.01 LSW were 
used as alkali and surfactant solutions, respectively. The authors considered that the 
LSW/alkali is a convenient process as a hybrid method due to the lower operation 
costs [47].

Brine composition is an important variable during the design of surfactant 
flooding. The retention (i.e., adsorption) of surfactant molecules onto porous 
media is considered a critical issue; thus, the reduction of surfactant adsorption 
onto the porous media enhances the quality of a surfactant flooding project from 
the technical and economical points of view. Glover et al. reported that low-
salinity brine surfactant adsorption is reduced [48]. Lower surfactant retention at 
lower salinities was also observed in [43, 45]. Additionally, Johannessen et al. [41] 
observed that the surfactant retention values were lower at very-low-salinity brines 
than at the optimum salinity condition, as measured by retention tests, which 
are shown in Figure 19. The greater area under the production curve for the LSS 
condition corresponds to lower surfactant retention. This implies that the hybrid 
LSW/LSS method is more economically efficient than the injection of surfactant 
at the ultralow IFT formulation. Tests performed by Araz and Kamyabi showed 
that precipitation of SDBS surfactant in LSW occurs when salinity concentration is 
above 1000 ppm [49].

The type and concentration of divalent cations also influence the performance 
of surfactant flooding. For example, Enge [38] showed that the content of divalent 
ions in brines affects the precipitation of surfactant. Calcium cations affect the 
behavior of surfactant adsorption and surfactant precipitation due to interactions 
with calcium (negative effect) and the stabilization of micelles (positive effect). 
Hence, there is a limit for divalent cation concentration which must be considered 
during the LSS design stage. Other properties of surfactant solutions are affected 
in a low-salinity environment, such as solubility and retention. For instance, Alagic 
et al. observed that the surfactant solubility is improved in low-salinity brine, 
especially in the absence of divalent cations [45].

The initial wettability of the porous media is a key parameter in the success of 
most hybrid LSW EOR methods. Alagic et al. [45] studied the effect of crude oil 
aging on LSW/LSS flooding in sandstones. They used a sulfonate surfactant added 
to the low-salinity brine in the LSS injection period. The performance of the LSS 

Figure 18. 
Oil recovery and pressure drop profile as a function of pore volume injected into sandstone core during  
SW/LSW/LSS injection [44].
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was observed to be better in cores aged by oil. In addition, LSS recovered more oil 
at a higher concentration of surfactant. Figure 20 shows the performance of oil 
recovery in the LSS stage for aged and unaged samples. The same trend was also 
observed in [33, 34]. Another variable affecting the performance of hybrid methods 
is the composition of the LSW. Araz and Kamyabi examined the effect of the LSW 
composition on the performance of core flooding by LSW/LSS in sandstones. They 
found that alteration in the composition of different ions in LSW and LSS affected 
oil recovery [49]. Therefore, it is essential to study the effect of ion composition in 
the LSW/LSS process in terms of oil recovery.

The stability of the displacement front in the LSW/LSS process is a critical issue 
to achieve a successful recovery. Tavassoli et al. [50] showed that unstable fronts of 
surfactant floods due to the high velocity result in slow oil recovery. This problem 
can be solved through the combination of LSW with surfactant/polymer (SP). In 
this process, three different oil recovery mechanisms are active such as wettability 
alteration, reduction in IFT, and mobility control. In [51], Wang et al. studied the 
hybrid low-salinity surfactant/polymer flooding as an EOR method in carbonates. 

Figure 19. 
Normalized produced surfactant concentration for surfactant in very LSW (LSS) and in water with the 
optimum salinity (OSS) [41].

Figure 20. 
Oil recovery of remaining oil (after LSW flooding) in aged (B1, B3) and unaged (B2, B4) sandstone samples 
for two surfactant concentrations (1 and 0.4 wt%) [45].
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They observed more recovery by LSW/SP in LSW than HSW/SP. This study con-
firmed the destabilization of oil layers after LSW injection prior to SP flooding by 
pressure drop analysis. The pressure drop was more significant due to the formation 
of an oil bank after LSW injection.

Most of the research conducted in the area of hybrid LSW/LSS or LSW/SP 
processes has been based on experimental studies. There are few simulation stud-
ies published on the effectiveness of the hybrid LSW/LSS method. The lack of 
modeling and optimization of the process through simulation studies is obvious in 
this field. In [50], Tavassoli et al. applied UTCHEM-IPhreeqc to model LSW as a 
function of geochemical reactions and surfactant flooding. Their simulations were 
in good agreement with experiments carried out by [27]. This study demonstrated 
the importance of the surfactant selection, injection sequences, and operational 
parameters such as brine salinity and surfactant solution injection rate to achieve 
incremental oil recovery. Therefore, more modeling studies are justified.

5. LSW/nanofluid hybrid EOR technique

Nanoparticles are used in EOR processes due to their size and high surface area; 
thus, nanoparticles flow without difficulty through the pore/throat network in 
porous media. Nanoparticles enhance oil recovery by the following mechanisms: IFT 
reduction, wettability alteration, improvement of mobility ratio, and in situ emulsi-
fication [52, 53]. For example, SiO2 particles are hydrophilic and can be injected into 
the porous media to alter the rock wettability toward more water wet [54, 55].

Despite the positive effects of LSW on oil recovery, LSW flooding changes the 
chemical environment (pH, ionic strength, and temperature) in the porous media, 
which may lead to the detachment of reservoir particles. As the salinity of the 
injected brine becomes less than the critical salinity concentration, fine migration 
initiates, which leads to formation damage [56, 57]. Fine migration can enhance oil 
recovery by mobility control through the blockage of high-permeability layers, but 
fine migration can also cause severe damage to the near-wellbore zone. Therefore, 
it is desirable to control fine migration and to take advantage of its positive effects 
far from the wellbore to minimize its damaging effects near the wellbore. Some 
researchers have stated that combining LSW and NPs may help to overcome the 
detrimental effects of formation damage associated with low-salinity flooding [58, 
59]. Hence, nanoparticles in nanofluid form can be used as a hybrid approach with 
LSW flooding to improve the performance of this method.

Nanoparticles enhance the attractive forces between fine particles and grain 
surfaces, particularly by changing the surface zeta potentials of fine particles [60]. 
Nanofluid pretreatment prior to the injection of LSW can reduce the side effects of 
fine migration by decreasing the injection pressure drop [53]. Abhishek et al. [52] 
studied nanoparticle adsorption at different salinities and observed that during 
hybrid LSW and nanofluid injection, the adsorption of nanoparticles prevents fine 
migration.

Another approach is to apply the hybrid nanofluid/LSW method to alter wet-
tability and interfacial tension. Hydrophilic nanoparticles adsorb on the rock 
surface, and water molecules accumulate around them. This changes the wettability 
of the rock to be more water wet and improves oil recovery. Sadatshojaei et al. [60] 
coupled silica nanoparticles with LSW prepared by dilution of Persian Gulf brine. 
In this study, IFT, wettability, and zeta potential were measured to analyze the 
carbonate rock-low-salinity fluid interaction in the presence of nanofluid. It was 
observed that the influence of the nanofluid on the wettability of the porous media 
was dominant relative to the IFT reduction; thus, wettability alteration can be 



Enhanced Oil Recovery Processes - New Technologies

18

considered as the main mechanism for oil recovery. Moreover, Ding et al. [61] intro-
duced nanoparticle-assisted low-salinity hot water (LSHW) injection for heavy oil 
recovery. Flooding tests were conducted on silica sand packs saturated with heavy 
oil to compare the effect of LSW flooding, 0.05 wt% SiO2 nanoparticle-dispersed 
LSW flooding, and 0.05 wt% Al2O3 nanoparticle-dispersed LSW flooding on oil 
recovery. They observed higher oil recovery by the injection of NP/LSW than LSW 
alone. Also, they found that Al2O3 NPs were more effective in recovering oil due to 
the greater reduction in IFT.

Generally, the average nanoparticle size, specific surface area, and stability of 
nanofluids are important in the performance of this hybrid method. The issue of 
nanofluid stability at low-salinity conditions is challenging and should be consid-
ered in the application of this hybrid method. The range of stability constraints 
(such as zeta potential) of colloidal systems of nanofluids coupled with ions (i.e., 
LSW) is typically wider so that in the presence of both elements (nanoparticles and 
ions), longer-lasting stable solutions can be attained [60].

6. LSW/hot water hybrid EOR technique

Heavy oil is conventionally recovered by thermal-based approaches. Thermal 
energy in combination with LSW water flooding, in the form of hot LSW water 
flooding, can be applied to simultaneously decrease the viscosity of the heavy oil 
and alter the wettability of the porous media to attain higher oil recovery. Alotaibi 
et al. and Tang et al. reported lower contact angle and higher oil recovery, respec-
tively, after increasing the displacement temperature in LSW injection [62, 63]. 
Contrary to this observation, Soraya et al. [64] found lower oil recovery at higher 
temperatures by tertiary LSW. However, another study [65] demonstrated that the 
injection of hot LSW yielded significant incremental oil recovery. In this work, 
hot LSW at a concentration of 200 ppm salinity was injected after hot HSW at a 
concentration of 15,000 ppm salinity, which yielded about 25% OOIP incremental 
oil recovery, as shown in Figure 21. In addition, in this study the injection of steam 
is proposed after hot LSW flooding to further enhance the oil recovery.

A similar trend was reported by Ding et al. by injecting nanoparticle-assisted 
low-salinity hot water (LSHW) into silica sand packs to recover heavy oil. 
Temperatures of 17, 45, and 70°C were applied under different scenarios of 
high- and low-salinity brines and nanofluids. LSW was found to provide better 

Figure 21. 
Oil recovery by hot HSW and hot LSW [65].
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performance than the HSW under ambient temperature. Moreover, in all cases in 
the presence or absence of nanoparticles, increasing the displacement tempera-
ture yielded higher ultimate oil recoveries up to 23%. Increased temperature also 
restrains the growth rate of water cut [65].

The results to date in terms of enhanced oil recovery for all hybrid LSW-based 
EOR methods are promising. So far, experiments at laboratory scale have been car-
ried out, while modeling studies and pilot field applications are scarce. Numerical 
simulation studies are necessary to provide more practical insights on the effective-
ness of hybrid methods especially important for field implementations.

7. Conclusion

The main idea of this chapter is to demonstrate the synergistic EOR effects of 
combining chemical/gas-based/thermal methods with low-salinity water and the 
related underlying mechanisms in both sandstone and carbonate rocks. Hybrid 
EOR methods are utilized to bypass or improve operational, environmental, and 
economical shortcomings of individually implemented methods. Many experi-
mental and modeling studies have confirmed this potential synergy by mentioning 
wettability alteration toward more water-wet condition as the main mechanism of 
LSW method.

Lower ion concentration of LSW allows gas (typically CO2) molecules to dissolve 
in water phase in higher extent which results in gas/oil contact and improved front 
stability. However, some studies cast doubt on this idea as the more gas dissolves in 
water, the lower free gas is available to decrease oil viscosity and ultimately improve 
oil mobility.

Surfactants are known as the agents which are utilized to decrease the IFT, con-
sequently capillary forces, between oil and water in order to enhance microscopic 
sweep efficiency. LSW provides more detached oil droplets to be produced due to 
lowered capillary forces by surfactants.

Polymers cause higher oil recovery by increasing water viscosity which lowers 
mobility ratio after reservoir fluid redistribution by LSW injection due to wettabil-
ity alteration.

Thermal methods are applied in heavy oil reservoirs to help oil recovery under 
the mechanism of improved oil mobility, which can be more advantageous if higher 
detached oil droplets are provided by LSW injection. Lastly, nanoparticles have 
been introduced to be beneficial as they can improve wettability alteration process 
by LSW injection.

Despite the extensive promising works mentioned in this chapter, many contra-
dictions, ambiguities, and unexamined issues, especially in carbonate rocks, require 
more investigation in LSW hybrid methods regarding underlying mechanisms, 
field implementation viability, operational considerations, and economical feasibil-
ity by both experimental and modeling assessments.
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Abstract

Chemical enhanced oil recovery (EOR) has been adjudged as an efficient oil
recovery technique to recover bypassed oil and residual oil trapped in the reservoir.
This EOR method relies on the injection of chemicals to boost oil recovery.
Recently, due to the limitations of the application of chemical EOR methods to
reservoirs having elevated temperatures and high salinity and hardness concentra-
tions, nanotechnology have been applied to enhance its efficiency and improve oil
productivity. The synergistic combination of nanoparticles and conventional EOR
chemicals has opened new routes for the synthesis and application of novel mate-
rials with sterling and fascinating properties. In this chapter, an up-to-date synopsis
of nanotechnology applications in chemical EOR is discussed. A detailed explana-
tion of the mechanism and applications of these novel methods for oil recovery
are appraised and analyzed. Finally, experimental and laboratory results were
outlined. This overview presents extensive information about new frontiers in
chemical EOR applications for sustainable energy production.

Keywords: chemical enhanced oil recovery, nanotechnology, surfactant, polymer,
nanoparticles

1. Introduction

Crude oil has remained the major source of world energy supply despite consid-
erable efforts on other sources of energy [1]. Due to rapid industrialization, there
is an increase in world energy demand leading the need to produce increasing
volume of crude oil to support this demand. Meanwhile, the oil and gas industry is
concerned with the shortage of new conventional oil reserves and low production
from existing conventional reservoirs. On average, one-third of conventional reser-
voirs can be recovered through primary and secondary (i.e. waterflooding) oil
recovery processes. The remaining oil-in-place is the target for enhanced oil recov-
ery (EOR). Several EOR methods have been developed to recover bypassed and
residual oil in the reservoir. These are majorly categorized into thermal and non-
thermal EOR methods. Thermal EOR are unsuitable for reservoirs with great depth
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or thin pay zones. Hence, non-thermal EOR methods such as gas flooding, chemical
flooding and microbial methods have received important attention over the last
decades for oil recovery processes [2–4].

Of the numerous EOR methods, chemical EOR has been considered as the most
promising because of its high efficiency, technical and economic feasibilities.
Chemical EOR methods increase the efficiency of oil production by increasing the
volumetric sweep efficiency of the injected waterflood. By tuning the efficiency of
the injected chemical floods, the microscopic (pore scale) displacement efficiency
and/or macroscopic (sweep) efficiency of the reservoir is increased leading to an
increase in oil production. Chemicals for injection include alkali, surfactants, and
polymers. Alkali and surfactants increase oil recovery by improving microscopic
displacement at the pore scale; while polymers enhance the volumetric sweep
efficiency of the reservoir [5].

Despite its highly reported efficiency and widely acclaimed potentials, chemical
EOR has several limitations. The chemicals injected degrade and/or precipitate in
the presence of resident reservoir brines and elevated temperature conditions.
Besides, retention of the chemicals occurs during their flow in porous media which
decreases it process efficiency and may lead to formation damage. To overcome this
shortcoming, new salt and temperature-tolerant chemicals of various kinds have
been developed and tested for their EOR potentials. Nonetheless, most of the newly
developed chemicals have been jettisoned as they were found to increase the cost of
the overall EOR process.

Nanotechnology is the application of nanoparticles characterized by a size rang-
ing from 1 to 100 nm (see Figure 1) [6, 7]. In the oil and gas industry, applications
of nanotechnology ranges from drilling processes, flow assurance, hydraulic frac-
turing, cementing, to EOR [8]. For EOR process, the engineered nanomaterials are
mixed with fluids that are injected into the reservoir to boost oil production [9].

Nanoparticles and conventional EOR chemicals blends have been reported to
possess important properties that are not observed in the individual chemical or
nanoparticle [10]. For example, surfactant nanofluids (or nanosurfactant), a blend
of nanoparticle and surfactant were reported to improve the efficiency of the
surfactant at lowering the interfacial tension (IFT) of oil/water (o/w) interface and
lower their adsorption during their transport in porous media [11]. Besides,
emulsions and foams stabilized by nanoparticles are found to be thermodynamically

Figure 1.
Schematic of increasing surface area of nanoparticle with decreasing particle size [6].
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stable and easily transported in reservoirs [12]. Meanwhile, polymeric nanofluids
demonstrated to have improved rheological behavior and stability at characteristic
reservoir temperature and salinity conditions [4]. This chapter presents an over-
view of nanotechnology applications in chemical EOR. First, the challenges of
chemical EOR are briefly discussed. Subsequently, the mechanism and efficiency of
nanotechnology application in chemical EOR is discussed. Finally, the experimental
and laboratory studies of the newly devised EOR technique are outlined.

2. Challenges of chemical EOR methods

2.1 Degradation and precipitation

An oil reservoir exists at a specific temperature, salinity, and pH. The prevailing
conditions of the reservoir influence the efficiency of the injected chemicals and
consequently of the EOR process [13]. Most injected chemicals degrade and become
unstable at high salinity, elevated temperature, and low pH conditions [14]. For
polymers, under saline conditions, screening of the charged polymer molecules by
cations contained in the reservoir brine occurs. This reduces the hydrodynamic
radius and polymer chain entanglement causing the contraction of the macromole-
cules that ultimately results in the loss of polymer solution viscosity [15, 16]. Mean-
while, high temperature causes hydrolysis of the polymer and its precipitation in
the presence of divalent ions [17]. In the case of surfactant and alkali solutions,
depending on the rock type, precipitation of the chemicals occurs in the presence of
divalent cations [18]. Low pH reservoir conditions might interact and acidify
injected chemical solutions [15].

2.2 Adsorption and retention

Depending on the type of chemical injected into the reservoir, adsorption and
retention of chemical occur during flow through porous media, which negatively
affects the efficiency of the EOR process [19]. Chemicals react with the rock surface
through electrostatic attraction, steric interaction, and van der Waal forces that

Figure 2.
Retention of polymers in porous media. Sourced from [19].
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reduces the concentration of the injected chemical solutions. Adsorption is prevalent
for surfactant and alkali chemicals, while polymer is mainly retained due to mechan-
ical entrapment because of the size of the polymer macromolecules [3, 18, 20]. The
adsorption process occurs when the interface is energetically favored by the surfac-
tant and/or alkali in comparison to the bulk phase. Thus, the adsorption at the solid–
liquid interface takes place by the transfer of the molecule of the chemical to the
solid–liquid interface from the bulk solution phase [21]. Meanwhile, polymer reten-
tion and inaccessible pore volume dictates the propagation of polymer flow in the
reservoir [22]. Retention of polymer is alluded to any mechanism that leads to
reduction or removal of polymer molecules from transported aqueous phase. The
nature of polymer retention in reservoir rock is depicted in Figure 2. Overall,
adsorption and/or retention of chemicals in porous media governs the efficiency and
economic viability of the EOR process. Several factors affecting adsorption or reten-
tion of chemical EOR includes; electrolyte concentration (salinity), temperature, pH,
composition of reservoir fluids, and the presence of clay mineral content [21, 23].

3. Application of Nanotechnology in chemical EOR

Nanotechnology application in chemical EOR is used to overcome the short-
comings and improve the process efficiency of chemical EOR methods. Though
most works are still at the laboratory scale, the synergic application of nanoparticles
and chemicals have led to the formation of novel nanomaterials with exceptional
qualities [6]. Recently, field trials have been reported in Columbia oilfield [24].
Depending on the nanoparticle type and chemical used, the formulated
nanomaterials have demonstrated better stability and superior quality which
enhances their performance during simulated reservoir conditions. So far, the most
common nano-chemical studies are polymeric nanofluids and surfactant nanofluids.

3.1 Surfactant nanofluid

Surfactant nanofluid, a combination of nanoparticle and surfactant, increases
the microscopic displacement efficiency through the mechanisms of IFT reduction
and wettability alteration [11, 25, 26]. This nanofluid could be used for the genera-
tion or formation of stable foams and emulsions in the reservoir. Stable foams
ensure fluid diversion from thief zones to lower permeability regions in the reser-
voir, while emulsions ensure conformance efficiency of the injectant [27, 28]. Fur-
thermore, surfactant nanofluids have been reported to have lower adsorption onto
rock surface compared to ordinary surfactant solutions [29, 30].

IFT and wettability are major parameters for quantifying fluids distribution and
movement in the reservoir [31]. After secondary oil recovery, a portion of the oil is
trapped in the reservoir due to capillary forces. This capillary force is measured by a
dimensionless capillary number defined as [32]:

Nc ¼ μv
σ: cos θ

(1)

Where μ is the displacing fluid viscosity, v is the displacing Darcy velocity, θ is
the contact angle, and σ is the IFT between the displacing fluid (water) and the
displaced fluid (oil). Nc is closely related to residual oil saturation and oil recovery.
NC increases as residual oil saturation decreases. Consequently, a higher Nc will
result in a higher oil recovery [32, 33]. The capillary trapped oil can be released by
either lowering the IFT of the o/w interface or through the wettability alteration
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mechanism [33]. Surfactant molecules due to their amphiphilic nature lowers IFT
and alters wettability of porous media by adsorbing at the o/w interface [5, 32].
Nanoparticles also performs the same task in similitude to surfactant molecules,
though at a different efficiency. The synergic effect of blending nanoparticles and
surfactants have been shown to enhance the surfactant flooding process by lower-
ing IFT and altering the wettability more efficiently than the individual nanoparti-
cle or surfactant solution. On the other hand, the surfactant enhances the stability of
the nanoparticles, thus, increasing the efficiency [11].

Driven primarily by electrostatic interaction, the surfactant adsorbs on the
nanoparticles surface forming surfactant-coated nanoparticles [11]. Nonetheless,
the relative concentration of nanoparticles and surfactant in the solution determines
the properties of the mixture. A lower concentration ratio of surfactant to nanopar-
ticle in the mixture means that only a small fraction of the nanoparticle surface will
be coated by surfactant. Conversely, a higher concentration ratio of surfactant to
nanoparticles implies the surfactant molecules will form a bilayer on the particle
surface [11, 34]. A single-chain surfactant on nanoparticle is required to form
maximum nanoparticle flocculation and hydrophobic nature required for an opti-
mal performance.

3.1.1 IFT reduction

To quantify the performance of surfactant nanofluid on IFT of o/w interface, Le
et al. evaluated the impact of silica (SiO2) nanoparticles and anionic surfactant for
IFT reduction using a spinning drop tensiometer. Their results indicated that at a
total concentration of 1000 ppm and at a surfactant to SiO2 ratio of 8:2, a four-fold
IFT reduction was achieved by the nanosurfactant. Hence, they proposed the appli-
cation of surfactant nanofluids for EOR in high temperature and high salinity
(HTHS) conditions [35]. Mohajeri et al. evaluated the effect of zirconium oxide
(ZrO2) nanoparticles on anionic sodium dodecyl sulfate (SDS) surfactant and cat-
ionic cetyltrimethylammonium bromide (CTAB) surfactant [25]. They reported
that the contribution of ZrO2/SDS yielded an IFT reduction of 81% while ZrO2/
CTAB decreased the IFT of o/w interface by 70%. Zargartalebi et al. probed the
effect of SiO2 nanoparticles and anionic SDS to quantify the effect of the nanopar-
ticle on IFT, adsorption and oil recovery potential of the surfactant molecules. They
observed that nanoparticles effectively improve surfactant performance by
enhancing the governing mechanism. Furthermore, flooding results shows that oil
recovery increased significantly due to the inclusion of nanoparticles in the surfac-
tant solution [26].

The mechanisms of nanosurfactant for reducing IFT at o/w interface has been
explored. Researchers noted that the adsorption of the surfactant on the nanoparti-
cle surface occurs as a result of the mix, leading to a hydrophobic character of the
nanoparticle surface. Due to their Brownian motion, the nanoparticle acts as car-
riers for the surfactant molecules from the bulk of the fluid to the interface. At the
interface, the minimization of the interfacial energy by the nanosurfactant leads to
IFT reduction. As compared to ordinary surfactant whose molecule desorbs from
the interface after some time, the nanoparticle prevents desorption of surfactant
molecules from the interface, hence, better IFT reduction [11].

3.1.2 Wettability alteration

The reduction of interfacial energy at the rock/oil/brine interface by
nanosurfactant also results in higher wettability alteration. Besides, the relative
permeability curves of oil and water also changes after contact with the surfactant
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nanofluid; the relative permeability to water and oil decreases and increases
respectively [34]. Mohajeri et al. studied the effect of ZrO2/surfactants on wettabil-
ity alteration in a fractured micromodel. The sessile drop experiments and wetta-
bility alteration measurements showed that coating the micromodel with heavy oil
makes an oil-wet surface. Moreover, coating of the oil-wet micromodel with sur-
factant or nanoparticle altered the wettability of the surface to water-wet condition,
while coating the surface with the blend ZrO2/surfactant altered the wettability to
strongly water-wet condition [25].

Additionally, the use of nanosurfactants as wettability alteration agents have
proved useful for improving oil recovery from carbonates reservoir, which are
characterized by poor oil recovery owing to its inherent natural fractures and
hydrophobic nature that makes water imbibition into its rock matrix difficult,
because of capillary pressure effects. Nwidee et al. assessed the effect of
nanosurfactant formulation for wettability alteration of oil-wet limestone over a
wide range of temperatures (0–70°C). ZrO2 and nickel oxide (NiO) were used as
the nanoparticles while CTAB and triton X-100 were used as surfactants for the
formulation. Due to their strong electrostatic interaction, ZrO2/CTAB and
NiO/CTAB display greater affinity for the rock surface and demonstrated better
wettability alteration efficiency for all temperature conditions considered in
this study [36].

Surfactant nanofluids have also been used to improve wettability alteration of
sandstone cores to boost oil recovery. Giraldo et al. tested alumina-surfactant
nanofluid to improve oil recovery in sandstone cores via wettability alteration using
contact angle and imbibition tests. Their results show that the effectiveness of
surfactant as wettability modifier was improved with the addition of 100 ppm of
alumina nanoparticles. Additionally, the effective oil permeability increased by
33%, and consequently, a higher oil recovery was recorded [37]. Huibers et al.
measured changes in wettability of sandstone cores of saturated with light and
heavy crude oil using surfactant nanofluid composed of SiO2 nanoparticle and
Tween 20 nonionic surfactant in Berea and Boise sandstone cores. Using direct
imaging and contact angle measurements, 0.001 wt.% SiO2 nanoparticles yielded an
increase in contact angle of 101.6% for light oil saturated cores, while the optimum
concentration for heavy oil was not ascertained at the nanoparticle concentration
range investigated [38].

3.1.3 Adsorption reduction

One of the major challenges of surfactant EOR is the loss of surfactant molecules
to adsorption onto the formation rock during the flooding process. Surfactant
adsorption can make the chemical EOR process economically unfeasible. Therefore,
reducing the surfactant adsorption improves the oil recovery process. Previous
studies have investigated the use of polymers such as sodium polyacrylate as sacri-
ficial agent to reduce surfactant adsorption during flow in porous media [39].
Recently, the adsorption reduction effect of nanoparticles has been investigated
during the co-injection of nanoparticles with surfactant for oil recovery.
Nanoparticles showed good potential for inhibiting surfactant adsorption via com-
petitive adsorption mechanism by blocking the active site of the porous media while
the surfactant flows through the porous media contacting the resident fluids in the
reservoir. Yekeen et al. observed that the presence of SiO2 and Al2O3 nanoparticles
decreased surfactant adsorption on kaolinite in the presence of reservoir brines. The
addition of Al2O3 nanoparticles reduced the SDS adsorption on kaolinite by 38%,
while the addition of SiO2 nanoparticles reduced the SDS adsorption by 75% [40].
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Wu et al. conducted static and dynamic adsorption experiments to investigate
the inhibition mechanism of SiO2 nanoparticle during co-injection with surfactant.
An optimum aging time, solid–liquid ratio, nanoparticle concentration, and surfac-
tant concentration were determined for the adsorption process. Static adsorption
experiments showed that 0.5 wt.% of SiO2 nanoparticle concentration reduced the
adsorption of SDS from 2.84 to 1.61 mg/g. Dynamic adsorption experiments
conducted at 20°C showed that the adsorption and dynamic retention of single SDS
solution were 1.16 and 0.30 mg/g respectively. The addition of 0.3 wt.% SiO2

nanoparticle concentration reduced the adsorption and dynamic retention of the
surfactant by 43.6% to 0.66 and 0.06 mg/g, respectively. Furthermore, oil recovery
displacement experiments in sand packs using a nanosurfactant solution showed a
4.68% incremental oil recovery factor over the oil recovery attained by the injection
of conventional surfactant solution [29]. Suresh et al. extended the adsorption
studies on nanosurfactant to higher salinity and elevated temperature (80°C) con-
ditions using thermogravimetric analysis (TGA) to determine the surfactant con-
centration in the produced fluids. The dynamic adsorption of the surfactant was
calculated from the difference between injected and effluent concentration of the
surfactant. Results showed that the addition of 0.5 wt.% SiO2 nanoparticle to the
surfactant solution reduced the surfactant adsorption by a factor of 3 times from
0.810 to 0.265 mg/g [30].

3.1.4 Foam and emulsion stability

Foams used for oil recovery are generated by co-injecting a gas (e.g., carbon
dioxide, nitrogen or air) and a foaming agent containing liquid into the reservoir
[41]. In the porous media, foams act as a dispersion of gas in liquid separated by a
lamella, with the gas phase residing in the upper side while the bulk liquid is located
at the bottom of the foam structure [42]. They perform two diverse roles in the
reservoir namely; (1) mobility control, (2) fluid diversion. These mechanisms aid
foam to overcome the challenges of gas EOR such as gravity override and viscous
fingering phenomena. The liquids used as conventional foaming agents includes
surfactants, polymers, and proteins. When used with polymers, foams are used to
plug high permeability areas, while the polymer is diverted to lower permeability
regions, thus, improving the volumetric sweep efficiency of the reservoir. In the
case of surfactant-stabilized foams, a stable foam is formed due to a decrease in the
required energy to form the gas–liquid interface [43]. Moreover, the synergic com-
bination with surfactant lowers the interfacial tension of the capillary trapped oil,
hence, facilitates oil displacement [44, 45]. Conventional foams have been shown to
be thermodynamically unstable in the presence of oil and resident reservoir brines.
This implies that the foam coalesces leading to of the reduced efficacy of the
process. The addition of nanoparticles to the surfactant solution seems to generate
more stable foams with longer half-life and ability to withstand harsh reservoir
conditions [43]. Due to the solid nature of nanoparticles, the foams they stabilize
are highly resistant to unfavorable reservoir conditions. Nanoparticles adsorb at the
lamellae interface of the foam with a strong adhesion energy that makes their
attachment irreversible (see Figure 3) [41, 46].

Sun et al. studied the influence of nanoparticles on the generation, propagation,
and stability of SiO2/SDS-stabilized foam in micromodels and sandpack porous
media [47]. In the case of the SDS-stabilized foam, the shape of the oil droplet could
not be changed by the foam because the microforce acting on the oil droplet was
small. This subsequently leads to bubbles rupture and coalescence leaving a sub-
stantial amount of oil trapped in the porous media. In the case of SiO2/SDS foam, a
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large amount of oil was displaced by the foam due to the higher microforce acting
on the oil droplet. The higher microforce was attributed to the enhanced viscoelas-
ticity of the bubble surface by the attached nanoparticles. Yekeen et al. studied the
influence of SiO2 and Al2O3 nanoparticles on surfactant-foam stability and propa-
gation in the presence of oil. They noted that the presence of nanoparticle increases
foam half-life. Additionally, the SiO2-SDS and Al2O3-SDS foam achieved nearly
100% microscopic efficiency even in the presence of oil. Finally, they identified
mechanisms of foam flow as lamellae division and bubble-to-multiple bubble
lamellae division, while the dominant mechanism of oil displacement and residual
oil saturation are direct displacement and emulsification of oil [40]. Tables 1 and 2
summarizes laboratory and experimental results of nanoparticles-stabilized and
nanoparticle-surfactant stabilized foams.

On the other hand, the interactions of surfactants with oil during flow through
porous media may generate emulsions. Emulsions generated in situ have potential
for mobility and conformance control in the reservoir, which are desirable proper-
ties for improving the oil recovery process. Further, the feasibility of injecting
emulsions has also been explored, exhibiting appropriate potential for oil recovery.
Nonetheless, conventional emulsions show poor stability at high pressure and high
temperature conditions. As temperature increases, the average droplet size of the
dispersed phase increases which eventually plug pore throats in the reservoir [75].
Recently, the binary mix of nanosurfactant with oil have been evaluated for emul-
sion generation showing better stability performance in the reservoir for oil recov-
ery applications. Besides, the presence of nanoparticle significantly improved the
stability and mobility of the emulsions.

Pei et al. investigated the synergetic effect of SiO2 nanoparticle and CTAB for o/
w emulsions applications. Phase behavior testing, rheology evaluation, and micro-
visualization studies showed that nano-surfactant-stabilized emulsion demon-
strated a high bulk viscosity and desirable mobility for recovering heavy oil [50].
Kumar et al. synthesized a Pickering emulsion stabilized by SiO2 nanoparticle and
sodium dodecylbenzene sulfonate (SDBS) surfactant. The synthesized Pickering
emulsion displayed better thermal stability at the high pressure (0–5 MPa) and high
temperature (30–100°C) conditions investigated, and showed a higher oil recovery
when injected into the sandpack [75].

3.2 Polymeric nanofluids

Depending on the method of preparation, polymeric nanofluids are categorized
into two types; polymer-coated nanoparticles and polymer nanoparticles.

Figure 3.
Foams stabilized (a) without nanoparticles showing signs of foam drainage, (b) with nanoparticles stabilizing
the lamellae [46].
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Polymer-coated nanoparticles were developed due to overcome the aggregation and
agglomeration problems of nanoparticles at reservoir conditions. It involves
grafting polymers onto the surface of nanoparticles to improve dispersibility. In
addition, their properties can be customized for particular applications [34]. Mean-
while, polymer nanoparticles are prepared by the hybrid dispersion of nanoparticles
in polymer solutions. These polymer nanoparticles emerged as a means of inhibiting
polymer degradation in typical reservoir conditions [4]. The mechanisms of poly-
meric nanofluids performance during EOR applications include improved rheology
and stability, wettability alteration, and lower polymer adsorption [6].

3.2.1 Improved rheology and stability for mobility control

Rheology is defined as the study of flow and deformation behaviors of fluids
under stress [76]. For EOR applications, an improved rheological behavior of injec-
tant is required to inhibit viscous fingering phenomena and maintain a suitable
mobility ratio in the reservoir; which requires that the displacing fluid maintain its
viscosity and chemical integrity in the presence of resident reservoir brines [77].
Polymer and nanoparticles undergo degradation in the presence of reservoir brines.
The cations present in the brine interact with the carboxylate and amide groups in
the polymer molecule resulting in viscosity loss [78]. In the case of nanoparticles,
the electrostatic attraction among nanoparticles are increased in the presence of
brine fostering their aggregation and agglomeration; which implies the loss of
surface functionality that is required for EOR [79]. However, the combination of
polymer and nanoparticles results in a synergistic effect that improves the rheology
of the polymer and the stability of the nanoparticle [4].

The preparation of polymer-nanoparticles blends involves the mixing of the
nanoparticle and the polymer solution or grafting of the polymer on the nanoparti-
cle [80, 81]. Subsequently, interactions occur between the nanoparticle and the
carboxylate and amide group in the polymer molecules. Therefore, nanoparticles
act as physical crosslinkers among the polymer chains forming three-dimensional
network of stable flocs that increases the viscosity of the suspension [82]. At high
temperature, polymer-nanoparticles blends exhibit better rheological performance
due to the enhanced bridging induced flocculation [82, 83]. Furthermore, in the
presence of reservoir brines, nanoparticles shield the polymer backbone from the
cations of the brine by inducing ion-dipole interactions that inhibit the degradation
of the polymer molecules [81].

Lai et al. noted that the shear and mechanical resistance of acrylamide polymer
solution can be increased by adding modified nano-SiO2, because the presence of
SiO2-NP caused a reduction of the hydrodynamic radius of the polymer molecules
[84]. Hu et al. studied the rheological properties on an oilfield polyacrylamide
(HPAM) -SiO2 NP under different aging times, salinity, and temperature condi-
tions. The results demonstrated that the presence of the SiO2-NP significantly
improved the viscosity and viscoelastic properties of the HPAM under high tem-
perature and high salinity (HTHS) conditions [80]. Haruna et al. grafted HPAM
molecules with graphene oxide (GO) nanosheets and evaluated the rheological and
stability properties of the formulated polymeric nanofluid. They reported enhance-
ment of the suspension viscosity behavior, as well as high-temperature stability and
improved elastic properties of the dispersion [85].

As for polymer-coated nanoparticles, depending on the grafting method, the
polymeric chains protrude from the nanoparticle surface. Hence, hydrodynamic
interactions occur between the grafted nanoparticle when subjected to shear.
Besides, polymeric chains grafted on the surface of the nanoparticle overlap with
another polymer chain adsorbed on another nanoparticle. The overlapping of
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several grafted nanoparticles results in the strengthening of the network structure
of the polymer -nanoparticle system. Consequently, hydro clusters are formed,
which results in an increase of stability and viscosity [86]. Liu et al. grafted a layer
of amphiphilic-polymeric chains on nano-SiO2 core shell via a facile water-free
radical polymerization and evaluated its rheological properties and oil recovery
performance. The synthesized polymer-coated nanoparticle formed a three-
dimensional microstructure and intermolecular associations characterized by long-
term stability and better rheological properties than the individual polymer or
nanoparticles. Furthermore, a 20% incremental oil recovery was recorded after
flooding the polymer-coated nanoparticle solution at a concentration of 1500 mg/L
in sandstone cores [87]. Table 3 summarizes some laboratory and experimental
studies of improved rheological properties and oil displacement properties of
polymeric nanofluids.

3.2.2 Adsorption inhibition

Polymeric nanofluids also show reduced adsorption onto porous media due to
the synergic interaction between the polymer and nanoparticles. Foster et al. used
the grafting through approach to tether tuneable quantities of poly(2-acrylamido-2-
methylpropanesulfonic acid) (PAMPS) and poly([3-(methacryloxylamino)propyl]
dimethyl(3-sulfopropyl)ammoniumhydroxide)(PMPDSA) homopolymer
(PMPDSA) onto iron oxide nanoparticle surfaces. Steric stabilization of the synthe-
sized polymer-coated nanoparticle was observed which remained stable at HTHS
conditions. Moreover, adsorption experiments on crushed Berea sandstone cores
showed that the adsorption of polymer-coated iron oxide nanoparticles was

References NP
type

Polymer/
copolymer type

PNF
conc. (ppm)

Brine/conc. Temp.
(°C)

Porous
media type

Incremental
oil recovery (%)

[88] SiO2 PEOMA 10,000 1.0 wt.% NaCl 30 Berea
sandstone

19.5

[89] SiO2 AMPS 50,000 — 80 Quartz
sand

23.22

[90] SiO2 PEG 10,000 — 80 Glass
micromodel

20.0

[87] SiO2 MeDiC8AM 1500 12 wt.%
(NaCl &
CaCl2)

82.3 Sandstone 20.0

[91] SiO2 AMC12S 1100 18 wt.% 110 Sandstone 24.0

[92] SiO2 AA/AM 2000 2 wt.% NaCl,
0.18 wt.%
CaCl2

65 Sandstone 20.1

[93] SiO2 AM/AA 1500 — — — 18.84

[94] SiO2 HPAM 1000 2.4 wt.%
(NaCl, CaCl2,

MgCl2)

25 Glass
micromodel

10.0

[95] SiO2 HPAM 800 3 wt.% NaCl — Glass
micromodel

10.0

[76] MMT
clay

HPAM 1000 10 wt.%
(NaCl, CaCl2,

MgCl2)

90 Quartz
sand

33.0

Table 3.
Laboratory results of oil recovery applications by polymeric nanofluid [6].
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infinitesimal and almost negligible [96]. Cheraghian et al. performed static adsorp-
tion experiments to investigate the impact of nano-SiO2 and nanoclay on the
adsorption inhibition of polyacrylamide onto sandstone rocks. Polymer
nanoparticles containing SiO2 nanoparticle showed lower adsorption onto sand-
stone rock surface compared to the polymer containing nanoclay [97].

3.2.3 Wettability alteration

Wettability alteration plays a vital role in enhancing the microscopic displace-
ment efficiency. In the case of polymeric nanofluids, an interplay of electrostatic
repulsive forces occur at the interface of the nanoparticles., Two-dimension layered
structure of nanoparticles occur due to Brownian motion when brought into contact
with an oil-wet solid surface, creating a wedge film because of the ordering of
nanoparticles at the three-phase (solid-oil–water) contact region. This results in an
increase of the disjoining pressure,which causes the spreading of the nanofluid
phase at the wedge of the vertex, altering the wettability of the surface [6]. Maurya
et al. grafted polyacrylamide on the surface of SiO2 using the free radical polymer-
ization approach and investigated its wettability potential on an oil-wet sandstone
rock surface. They indicated that the polymer grafted nanoparticle altered the
wettability of the sandstone surface to a more water-wet condition [86]. Maghzi
et al. performed wettability alteration studies employing polymer nanoparticles
consisting of SiO2 nanoparticle and polyacrylamide polymer solution in a five-spot
glass micromodel. The polymer nanoparticle altered the surface of the micromodel
from an average contact angle of 112° (oil-wet) to 20° (water-wet). More details of
wettability alteration by polymeric nanofluids can be found in the literature [6, 34].

4. Conclusions

This chapter summarizes some of the recent advances in the application of
nanotechnology in chemical EOR processes to boost oil production. The mecha-
nisms of oil recovery through nanotechnology were reviewed. Several experimental
studies were summarized and discussed. Results of various experiments shows that
the incorporation of nanotechnology with chemical EOR shows good potential to
improve pore scale mechanisms in the case of surfactant. Adsorption of surfactant
on rock pores is inhibited while greater IFT reduction and better wettability alter-
ation were achieved. Furthermore, nanotechnology improved the rheological prop-
erties of polymer and stability of emulsions and foams indicating the good
potentials of improving sweep efficiency of injected chemicals especially in the
presence of harsh reservoir conditions. Finally, future research should focus on
modeling the flow behavior of nanomaterials through porous media, which is
required for the designing and field implementation of nano-chemicals EOR.

Nomenclature

AA acrylic acid
AlOOH aluminum hydroxide
AM acrylamide
AMPS 2-acrylamido-2-methyl-1-propanesulfonic acid
AMC12S 2-acrylamido-dodecylsulfonate
APTES (3-aminopropyl)triethoxysilane
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AOS alpha olefin sulfonate
CaCl2 calcium chloride
CuO copper oxide
DCDMS dichlorodimethylsilane
ES emulsion stability
FA fly ash
GLYMO (3-glycidyloxypropyl)trimethoxysilane
HPAM hydrolysed polyacrylamide
IO incremental oil
KCl potassium chloride
PAM polyacrylamide
PECNP polyelectrolyte composite nanoparticle
PEG polyethylene glycol
PEOMA poly(oligo(ethylene oxide) mono methyl ether methacrylate)
MeDiC8AM 2-methyl-N,N-dioctyl-acrylamide
MWCNT multiwall carbon nanotube
MgCl2 magnesium chloride
MMT montmorillonite
NaCl sodium chloride
NiO nickel oxide
NP nanoparticle
OOIP original-oil-in-place
RF recovery factor
SC sodium cumenesulfonate
TTFA thermally treated fly ash
WA wettability alteration
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Surfactant Flooding for EOR 
Using Sodium Lignosulfonate 
Synthesized from Bagasse
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Abstract

Surfactant injection is one of the types of chemical injections used in enhanced oil 
recovery (EOR) process. Surfactant can increase the interfacial tension between oil 
and water in the rock matrix. The surfactant used is an anionic surfactant, which is 
one of the lignosulfonate surfactants known as sodium lignosulfonate (SLS) surfactant 
derived from lignin. Bagasse is one of the raw materials having a high content of lignin 
(24–25%). The synthesized bagasse becomes lignosulfonate used as an isolation of 
lignin and transformed into sodium lignosulfonate by sulfonation process. Based on the 
characteristic test, the bagasse’s SLS surfactant has some qualified characteristics which 
are a good aqueous stability, clear solution and not causing turbidity, and capability to 
form middle-phase microemulsion with light oil. Synthesized SLS has a hydrophilic–
lipophilic balance (HLB) value of 11.6 which can be classified as oil in water (O/W) 
emulsion. Middle-phase emulsion as a characteristic SLS surfactant affects the perfor-
mance of the SLS surfactant injection. So the use of sodium lignosulfonate surfactant 
synthesized from bagasse is a challenge to be developed further as a surfactant flooding.

Keywords: adsorption, bagasse, enhanced oil recovery, light oil,  
middle-phase emulsion, recovery factor, sodium lignosulfonate surfactant

1. Introduction

Enhanced oil recovery is the process of increasing oil recovery by injecting 
liquid into a reservoir where the fluid can change the physical properties of oil that 
is still trapped inside it. One method used is chemical injection, using an anionic 
surfactant. Surfactants have the ability to increase the interfacial tension between 
oil and water in the rock matrix. The type of surfactant that is used for the EOR is 
lignosulfonate surfactant known as sodium lignosulfonate surfactant derived from 
lignin. One of the raw materials having a high content of lignin is bagasse, which 
contains 24–25% lignin.

The bagasse process becomes lignosulfonate becoming lignosulfonate uses isola-
tion of lignin from bagasse, and the sulfonated lignin becomes sodium lignosul-
fonate. For sulfonation process sodium bisulfite (NaHSO3) as reagent can be used. 
This sulfonation aims to change the hydrophilicity of less polar lignin (insoluble in 
water) by substituting hydroxyl groups with sulfonate groups so that hydrophility 
increases [1].
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In this study, lignin has been successfully isolated from dried bagasse, which 
was confirmed through the analysis results of Fourier-transform infrared (FTIR). 
The FTIR showed the spectrum of isolated lignin has the same characteristic within 
lignin standard, which contains substituted phenolic aromatic groups and aliphatic 
alkene groups [2]. Sodium lignosulfonate (SLS) surfactant from bagasse has the 
same characteristics within the sodium lignosulfonate standard, which comprises 
the absorption peaks corresponding with the stretching vibration of aromatic and 
aliphatic alkene functional groups, the stretching vibration of sulfonate groups, and 
the bending vibration of carboxylic groups [3].

Surfactants will spread in water and absorb at the interfacial tension between air 
and water or at the interfacial between oil and water. The surfactant is an amphiphi-
lic organic compound, which contains a hydrophobic tail and a hydrophilic head. 
The aggregate shape may depend on the chemical structure of the surfactant, taking 
into account the balance of hydrophobic tail and hydrophilic head, known as HLB 
[4]. Hydrophilic and hydrophobic functions are to determine the emulsion of the 
system. The type of emulsion can be determined using the hydrophilic–lipophilic 
balance (HLB) test [5]. The value of HLB shows the tendency of surfactants to 
dissolve in water or oil to form O/W or W/O emulsion types. Low HLB indicates that 
the surfactant is more soluble in water, named W/O emulsion type. If the formation 
salinity is low, low HLB surfactant must be chosen, such that surfactants can make 
intermediate-phase microemulsions with low salinity. When the formation salinity 
is high, high HLB makes intermediate-phase microemulsions with high salinity. HLB 
is determined by calculating values for various molecular regions, giving results on a 
scale ranging from 0 to 20, for nonionic surfactants. The HLB value 0 corresponds to 
the total hydrophobic molecule, and the value 20 corresponds to a molecule consist-
ing of a hydrophilic component. HLB values can be used to estimate the nature of 
surfactants. HLB calculations [6] can be determined by the following formula:

  HLB = 20 ∗  ( M  h  )  /  ( M  l   +  M  h  )   (1)

Mh = molecular weight of hydrophilic groups.
Ml = molecular weight of a hydrophobic or lipophilic group.
For surfactant classification as emulsifier in the O/W system, the surfactant 

should have a range of values between 8 and 18 Tables 1 and 2 [6].
The definition of emulsion is a two-phase system in which one of the fluids 

is dispersed in another, in the form of small droplets [7]. There are two types of 
emulsions based on the type of liquid that function as internal or external phases, 
namely:

a. Oil in water (O/W)-type emulsion, which is an emulsion consisting of oil 
grains scattered into the water

b. Water in oil (W/O)-type emulsion, which is an emulsion consisting of water 
droplets which are dispersed into oil

Figure 1 explains about W/O emulsion or O/W emulsion. For W/O emulsion, 
the water is an internal phase and oil is an external phase. As for the O/W emulsion, 
the oil is an internal phase and water is an external phase.

Microemulsion can occur due to the equilibrium between hydrophiles (head) 
and lipophiles (tail) so that surface-active agents (surfactants) are formed and 
reduce interfacial tension. In systems with the same conditions between the number 
C belonging to crude oil and the surfactant components, there will be a balance 
between oil and water so that the hydrophilic component (head) of the surfactant 
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will go to the surface and form a surface-active agent (surfactant). In a high-salinity 
oil-soluble surfactant system, there will be ionic strength that is identical to salin-
ity where the hydrophilic (head) component of the surfactant is weak and the 
lipophile (tail) component is strong. So, in a system with high salinity, the hydro-
philic component weakens, and the lipophilic component will be stronger so that 
a balance occurs in the system and a surface-active agent (surfactant) is formed. 
At high salinity, the salt component will make a balance between the components 
C of surfactant and oil, thereby strengthening the interaction between surfactants 
and oil. Salinity of the formation water affects the reduction of oil–water interfacial 
tension by surfactant.

Application Range HLB

Defoaming of aqueous systems 1–3

detergency and cleaning 12–15

W/O emulsification 3–6

O/W emulsification 8–28

Solubilization 11–18

Wetting 7–9

Table 2. 
Required HLB for a number of applications [4].

HLB range General application

2–6 W/O emulsification

7–9 Wetting and spreading

8–18 O/W emulsification

3–15 Detergency

15–18 Solubilization

Table 1. 
HLB value and its application [6].

Figure 1. 
Oil and water formation forming microemulsion [8].
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The emulsion condition formed can be seen from the results of the phase behav-
ior test, which is a test of mixing fluid reservoir with injection fluid.

Emulsions are made to obtain stable and flat preparations from mixtures which 
cannot mix together. The behavior of the mixed phase is strongly influenced by 
solvent water salinity, temperature, type and concentration of surfactant, and oil 
type. The type of emulsion is also determined by salinity, as shown in Figure 2. In 
the figure, the optimal emulsion is in the middle, where the emulsion occurs in the 
middle area between water (surfactant) and oil, called the middle-phase emulsion.

Observations of mixed-phase behavior between reservoir fluid and injection 
fluid can be classified as lower-phase emulsion, microemulsion (middle-phase 
emulsion), upper-phase emulsion, macroemulsion, and sediment. Figure 3 can 
explain about the classification of emulsion. This test is carried out on surfactants 
dissolved in formation water and then mixed with crude oil. This test aims to get 
the right conditions for the surfactant by determining the exact salinity and type of 
emulsions that can mix with crude oil.

The emulsion formed indicates that in the system there is a decrease in interfa-
cial tension between the surfactant and crude oil systems. This phase behavior test 
is strongly influenced by the salinity of formation water.

Increased salinity will reduce the solubility of anionic surfactants in formation 
water, because with increasing concentration, the surfactant electrolyte is released 
from the formation water system [9]. In the middle phase that forms microemul-
sions, it represents the condition of miscible displacement, whereas in the mixed 
phase which forms the upper-phase or lower-phase emulsion, it represents an 
immiscible displacement condition.

The emulsion formed can be an indicator of the IFT value of the system. A high 
IFT indicates an immiscible fluid, while a low IFT indicates a fluid is miscible. 

Figure 2. 
Emulsion type based on salinity [8].
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The emulsion condition formed can be seen from the results of the phase behav-
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IFT at surfactant and oil is a function of formation water salinity, temperature, 
surfactant concentration, type of surfactant, and oil type, while the phase behavior 
test is influenced by the type of oil, type of co-surfactant, temperature, structure 
of surfactant, and pressure [5]. The behavior of the microemulsion phase is very 
complex and depends on a number of parameters. Surfactants can form microemul-
sions because of their level of solubility that are both in water and in oil. There is 
no equation for simple microemulsions. Therefore, the phase behavior for certain 
microemulsion systems must be measured experimentally. The phase behavior of 
microemulsions is usually presented using ternary diagrams and empirical correla-
tions. The ternary diagram is a very useful tool in EOR because it can simultane-
ously represent the composition of phases and the whole and relative numbers. 
Figure 4 shows a ternary diagram schematic.

In the ternary diagram, the equilateral triangle represents the components of 
water, oil, and 100% surfactant from the solution. The concentration can be shown 
in mole fraction, mass, or volume. The single-phase region is in the zone of high 
surfactant concentration. The three-phase region is in the middle zone. The two-
phase lobes (vertices) are in the upper right and left over the three-phase triangle. 
There is a third two-phase region which is located at very low surfactant concentra-
tions below the three-phase region. Type III ternary-phase behavior consists of an 
area close to the axis of salt water/oil which is bounded by a triangle. The composi-
tion in this area will produce three phases; the composition of each phase is the 
same as the composition of the curved triangular peak.

The microemulsion system can also be designed to obtain a very low IFT value, 
around 0.001 mN/m by making a stable brine solution or with a hydrocarbon 
phase [10] which will be advantageous for the EOR process. In the EOR process, an 
important part of the ternary diagram is the three-phase region. The general form 
of ternary diagram can be classified as type II (−), namely, lower-phase emulsion 

Figure 3. 
Three types of microemulsion effect of salinity and phase behavior [5].
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and excess oil phase; type (+), namely, upper-phase emulsion with excess water 
phase; and type III, middle-phase microemulsion. The lowest interfacial tension 
occurs because the SLS surfactant can form a microemulsion.

The SLS surfactant from bagasse can function as an oil in water emulsion which 
means that the SLS surfactant is soluble in water but does not mix. For the certain 
salinity, NaCl will cause an effective reduction of the oil–water interfacial tension. 
This condition occurs in the proportion of 20,000 ppm, 4.5%; 40,000 ppm, 1.5%; 
and 40,000 ppm, 4%, where the increase in salt (NaCl) causes a decrease of inter-
facial tension and reduces oil recovery. In the proportion of salinity of 20,000 ppm, 
4.5%, IFT is lower, but microemulsions are not formed, meaning that in this system 
the surfactant is not soluble in the oil. This condition causes the reduction of perfor-
mance of bagasse SLS surfactant and produces less recovery factor of oil [11].

2. Methodology

Bagasse is a by-product of the sugarcane liquid extraction process. Bagasse is one of 
the sources of biomass, whose utilization is currently mostly only as fuel in steam boil-
ers, as raw materials of paper, or as a source of animal feed. The bagasse used is bagasse 
which has undergone the fifth milling process from the process of sugar (Figure 5) [11].

Bagasse mostly contains lignocellulose. The fiber length is between 1.7 and 2 mm 
with a diameter of about 20 μm. Bagasse contains 48–52% water, average sugar is 
3.3%, and average fiber is 47.7%. Bagasse fiber is insoluble in water and consists 
mainly of cellulose, pentose, and lignin. Based on chemical analysis, the average 
bagasse has a chemical composition, namely, ash 3.28%, lignin 22.09%, cellulose 
37.65%, juice 1.81%, pentosan 27.97%, and SiO2 3.01% [6].

The process of bagasse becomes lignosulfonate starting from the separation of 
lignin from bagasse and then reaction with sodium bisulfite to sodium lignosulfo-
nate. The processing of bagasse to produce lignosulfonate was initially performed 
by isolation of lignin and the isolated lignin transformed into sodium lignosulfonate 
by sulfonation process. The process is using reflux equipment with a condenser 
and bagasse at 80 mesh in size. The lignin isolation process uses reflux for 4 h, with 
sodium hydroxide reagent. The lignin produced was then processed into lignosulfo-
nate using sodium bisulfite reagent and refluxed for 4 h [11].

Figure 4. 
Ternary diagram schematic [5].
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Before use as laboratory-scale injection fluid, the SLS surfactant synthesized 
from bagasse was tested for its characteristics to match the fluid and reservoir rocks 
to be injected. A variation of surfactant concentration and variation of formation 
water salinity were used. The SLS surfactant synthesized from bagasse is injected 
into a 20% porosity and 100–500 mD Berea cores containing synthetic brine and 
light crude oil. The injection process with bagasse SLS surfactant has been carried 
out with variations in various proportions of salinity and surfactant concentration, 
as stated in Table 3.

The core injection process uses a surfactant solution of 1.5, 3.0, 4.0, and 4.5% 
with salinity of 5000, 10,000, 20,000, 40,000, and 80,000 ppm. The core injec-
tion uses core flood apparatus with Berea core synthesis in the core holder, shown 
in Figure 6. The core injection process consists of two stages: water injection and 
sodium lignosulfonate surfactant injection [11].

Before surfactant injection, cores were saturated with formation water using 
a vacuum system, until 100% saturated. Formation water is injected into the core 
with a variation of the flow rate, 0.5, 0.75, 1.0, and 1.5 cc/min, so that the core is 
filled with formation water. From this stage, effective water permeability (Kw) data 
will be obtained. In the next stage, crude oil is injected into the core with a variation 
of flow rate, 0.25, 0.5, 1.0, 1.5, and 2.0 cc/min, so the formation water is pushed 
out, and the core is filled with crude oil. From this stage, effective oil permeability 
(Ko) and connate water saturation (Swc) can be measured.

Figure 5. 
Sugar cane—Bagasse [11].

No. Surfactant composition

1 5000 ppm—1.5%

2 10,000 ppm—1.5%

3 10,000 ppm—3.0%

4 20,000 ppm—1.5%

5 20,000 ppm—4.5%

6 40,000 ppm—1.5%

7 40,000 ppm—4.0%

8 80,000 ppm—1.5%

9 80,000 ppm—4.5%

Table 3. 
Surfactant composition of concentration and salinity [11].
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After the core is saturated with crude oil, the first process begins with 
water injection and then proceeds with injection of surfactant, as shown below 
(Figure 7).

3. Result and discussion

The analysis of nuclear magnetic resonance (NMR) spectroscopy of SLS 
surfactant showed that the surfactant consisted of monomer structure having 
methoxyl and hydroxyl substituted benzene as well as the presence of sulfonate and 
aliphatic hydroxyl groups. Therefore, according to NMR spectrum analysis, it can 
be deduced that the monomer of synthesized surfactant has empirical formula of 
(C11H16O8S)n with relative molecular weight of 308.06. The exact molecular weight 

Figure 7. 
Scheme of surfactant injection using SLS surfactant synthesized from bagasse [11].

Figure 6. 
Core flood apparatus [11].
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of the synthesized surfactant should be further determined using mass spectrom-
etry measurement. The monomer of the synthesized SLS has a hydrophilic–lipo-
philic balance value of 11.6 which can be classified as O/W emulsion [12, 13], which 
means that the SLS surfactant is water soluble. Thus, the SLS surfactant derived 
from bagasse can be used as an injection fluid and formed middle-phase emulsion 
that is required in surfactant injection performance.

The results of the Fourier-transform infrared test on bagasse SLS surfactant 
have shown the existence of components contained in the SLS surfactant which 
consists of four main components forming lignosulfonic surfactants: alkene stretch-
ing groups, sulfonate stretch groups, carboxylic buckling groups, and ester buckling 
groups with wave numbers from the results of the FTIR [2]. As shown in Table 4, 
it turns out that the wave numbers in the SLS bagasse surfactant component have 
similarities with the same component wave number for standard lignosulfonic 
surfactants, namely, standard lignosulfonates from Aldrich and Patricia [14].

Before the characteristics of SLS surfactant synthesized from bagasse was 
carried out, the physical properties of the SLS surfactant were first measured. The 
physical properties of the SLS surfactant measured included the viscosity, density, 
and pH of the SLS surfactant at various proportions of the composition to be used 
in the injection. The measurement results can be seen in Table 5.

From the measurement of physical properties, it turns out SLS surfactant solu-
tion in various proportions has physical properties that are almost the same as the 
viscosity data range 1.5350–1.8375 cP, density 0.9970–1.0657 g/cc, and pH 5.91–6.67. 
The physical properties of this surfactant are in accordance with the characteristics 
of the surfactant as described previously.

The characteristic test of the bagasse SLS surfactant consists of:

a. Aqueous stability test.

b. Phase behavior test/emulsion test.

c. Interfacial tension (IFT) test.

d. Thermal stability test.

e. Adsorption test.

f. Wettability test.

From the characteristic test, some of the properties of SLS surfactant from 
bagasse can be known as seen in Table 6.

No. Functional groups 
in structure 

Lignosulfonate

Wave number (cm−1)

SLS surfactant 
synthesized from 

bagasse

Lignosulfonate 
surfactant 
(Aldrich)

Lignosulfonate 
surfactant (Patricia)

1. Alkene ▬C〓C▬ 1635.34 1608.34 1630–1680

2. Sulfonate S〓O 1384.64 1365 1350

3. Carboxylic C〓O 1114.64 1187.94 1000–1300

4. Ester S▬OR 462.832 499.831 500–540

Table 4. 
Results of FTIR of SLS surfactant synthesized from bagasse [2].
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In this research, the surfactant composition of 4.5% of SLS surfactant in 
80,000 ppm NaCl gave the lowest IFT value of 1.091 mN/m. From the characteristic 
test, SLS surfactant synthesized from bagasse has aqueous stability, is clear, and 
does not cause turbidity. It has a hydrophilic–lipophilic balance value of 11.6 which 
is classified as oil in water emulsion and can form microemulsion with light oil. This 
SLS surfactant has middle-phase emulsion with volume fraction of 1–10% micro-
emulsion and IFT of 1.091–6.81 mN/m.

Surfactant injection processes in this research using a variety of concentrations 
using a variety of concentrations and salinities have shown in Table 7 and Figure 8 
the contour of relation between salinity and IFT to recovery factor.

No. Salinity 
(ppm)

Surfactant 
concentration (%)

Aqueous 
stability

Middle emulsion 
(Stability) %

IFT (mN/m)

1. 10,000 1.5 Clear 10.00 2.73

2. 10,000 3.0 Clear 7.50 1.68

3. 20,000 1.5 Clear 5.00 4.13

4. 20,000 4.5 Clear 0.00 1.27

5. 40,000 1.5 Clear 6.00 4.11

6. 40,000 4.0 Clear 0.00 2.72

7. 80,000 1.5 Clear 1.25 3.61

8. 80,000 4.5 Clear 1.00 1.09

Table 6. 
Characteristic test results in various variations of SLS surfactant concentrations [11].

No. Surfactant composition Viscosity (cP) Density (g/cc) pH

1 10,000 ppm—1.5% 1.5350 1.0003 6.39

2 10,000 ppm—3.0% 1.5443 1.0113 6.67

3 20,000 ppm—1.5% 1.6877 1.0069 5.91

4 20,000 ppm—4.5% 1.5757 1.0280 6.56

5 40,000 ppm—1.5% 1.6697 1.0189 6.12

6 40,000 ppm—4.0% 1.7724 1.0367 6.46

7 80,000 ppm—1.5% 1.7630 1.0438 5.86

8 80,000 ppm—4.5% 1.8375 1.0657 4.38

Table 5. 
The physical properties of the SLS surfactant synthesized from bagasse [11].

No. Salinity 
(ppm)

Concentration 
surfactant (%)

IFT 
(mN/m)

Recovery factor from surfactant 
flooding (%)

1 5000 1.5 6.81 7.00

2 10,000 1.5 2.73 9.25

3 20,000 1.5 4.13 8.55

4 40,000 1.5 4.11 1.80

5 80,000 1.5 3.61 10.71

Table 7. 
IFT and contact angle to recovery oil by SLS surfactant injection of bagasse (concentration of surfactant 1.5%).
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From Table 7, optimal enhanced oil recovery reaches 10.71% at a concentration 
of surfactant of 1.5% and 80,000 ppm of surfactant solution. From the oil recovery 
data, the salinity proportion of 10,000 ppm of 1.5% oil recovery with surfactant 
injection (RF SF) reached 9.25% with stable middle-phase emulsion up to 10% and 
IFT value of 2.73 mN/m (Table 6). This is consistent with the theory that surfac-
tants serve to lower IFT causing a breakdown of the water-to-water interfacial 
tension resulting in emulsions being formed up to 10% because they are soluble in 
oil and water. This microemulsions cause the SLS surfactant to produce the lowest 
value interfacial tension IFT 2.73 mN/m [15].

From Figure 8, in the relation contour between salinity and IFT, there are two 
areas: high recovery factor (red–orange color) and low recovery factor (purple–
blue color). Figure 8 and Table 7 explain that at low salinity, 10,000 ppm (1.5% 
surfactant), the recovery factor is 9.25% and at high salinity, 80,000 ppm (1.5% 
surfactant), the recovery factor is 10.71%. These are the highest recovery factors 
at this surfactant injection using SLS surfactant synthesized from bagasse. The 
lowest recovery factor occurs at 40,000 ppm, only 1.80%. The results of injection 
of core using SLS surfactant from bagasse at concentration of 1.5% can be seen in 
Table 7.

Furthermore, the surfactant with the optimum composition has been tested 
toward its static and dynamic adsorptions. At the same surfactant concentration 
in different salt contents, it showed that the higher the salt content, the lower 
the adsorption value, which means that the surfactant is less absorbed into the 
rock when the surfactant was injected to the core. Since the less surfactant was 

Figure 8. 
Relation contour between salinity and IFT to recovery factor [11].

No. Surfactant composition Static adsoprtion (%) Dynamic adsorption (%)

1. 20,000 ppm—4.5% 20.533 29.16

2. 80,000 ppm—1.5% 8.071 1.37

Table 8. 
The result of static and dynamic adsorption test [15].
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absorbed into the core, it means that more surfactants were available and capable 
to decrease the interfacial tension between oil and water; therefore the more oil 
can be produced by the surfactant injection. Wettability test results also showed 
that the higher salt content produces a larger contact angle which means the system 
becomes more water wet. These conditions have made the synthesized SLS surfac-
tant derived from bagasse more dissolved in formation water to release grains of 
oil attached to the core. From the injection process, the composition of surfactant, 
with a salinity of 1.5% (80,000 ppm), showed the highest oil recovery value up to 
10.71%, compared to the other composition. Therefore, the surfactant concentra-
tion and salinity affected many factors related to the performance of SLS surfactant 
of bagasse displacement on light oil.

At the low area recovery factor, the composition of surfactant, with a salinity 
of 1.5% (40,000 ppm), showed the lowest oil recovery value of 1.80%. At this 
condition, the value of IFT is 4.11 (mN/m). This value can explain that for this area, 
they are insoluble for oil and water, so that oil does not move easily. Besides IFT, 
there are other factors that affect the mechanism surfactant during the surfactant 
injection process. The other factor is adsorption. Table 8 indicates the static and 
dynamic adsorptions of this SLS surfactant on the core surface at the high and the 
low salinities.

At this salinity of 20,000 ppm, the static adsorption is 20.533%, and the 
dynamic adsorption is 29.16%. This adsorption is higher than the adsorption at 
80,000 ppm. From Table 7, recovery factor of the higher adsorption (salinity 
40,000 ppm) is 1.80%, and for the lower adsorption (salinity 80,000 ppm), 
recovery factor is 10.71%. Due to the large amount of adsorption that occurs on the 
core, the amount of surfactant decreases, so that the surfactant mechanism also 
decreases. The lower mechanism of surfactant results in a decrease of recovery 
factor.

4. Conclusion

The SLS surfactant synthesized from bagasse with its natural characteristic 
can be used as an injection fluid in surfactant injection to increase oil recovery for 
sandstone with low to high salinity reservoir. The SLS surfactant synthesized from 
bagasse has displaced some of the residual oil after waterflood, depending on the 
IFT reduction, middle-phase emulsion (microemulsion), and adsorption value. 
The results of this study showed that the synthesized SLS surfactant of bagasse 
with its natural characteristics can be used as injection fluid in surfactant injection 
to increase oil recovery, especially for the light oil recovery. So the use of sodium 
lignosulfonate surfactant synthesized from bagasse is a challenge to be developed 
further as a surfactant flooding.
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bagasse has displaced some of the residual oil after waterflood, depending on the 
IFT reduction, middle-phase emulsion (microemulsion), and adsorption value. 
The results of this study showed that the synthesized SLS surfactant of bagasse 
with its natural characteristics can be used as injection fluid in surfactant injection 
to increase oil recovery, especially for the light oil recovery. So the use of sodium 
lignosulfonate surfactant synthesized from bagasse is a challenge to be developed 
further as a surfactant flooding.
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Chapter 4

Direct Gas Thickener
Nasser Mohammed Al Hinai, Matthews Myers, Colin D. Wood  
and Ali Saeedi

Abstract

Direct gas thickening technique has been developed to control the gas mobil-
ity in the miscible gas injection process for enhanced oil recovery. This technique 
involves increasing the viscosity of the injected gas by adding chemicals that exhibit 
good solubility in common gasses, such as CO2 or hydrocarbon (HC) solvents. This 
chapter presents a review of the latest attempts to thicken CO2 and/or hydrocarbon 
gases using various chemical additives, which can be broadly categorised into poly-
meric, conventional oligomers, and small-molecule self-interacting compounds. 
In an ideal situation, chemical compounds must be soluble in the dense CO2 or 
hydrocarbon solvents and insoluble in both crude oil and brine at reservoir condi-
tions. However, it has been recognised that the use of additives with extraordinary 
molecular weights for the above purpose would be quite challenging since most of 
the supercritical fluids are very stable with reduced properties as solvents due to the 
very low dielectric constant, lack of dipole momentum, and low density. Therefore, 
one way to attain adequate solubility is to elevate the system pressure and tem-
perature because such conditions give rise to the intermolecular forces between 
segments or introduce functional groups that undergo self-interacting or intermo-
lecular interactions in the oligomer molecular chains to form a viscosity-enhancing 
supramolecular network structure in the solution. According to this review, some 
of the polymers tested to date, such as polydimethylsiloxane, polyfluoroacrylate 
styrene, and poly(1,1-dihydroperfluorooctyl acrylate), may induce a significant 
increase of the solvent viscosity at high concentrations. However, the cost and 
environmental constraints of these materials have made the field application of 
these thickeners unfeasible. Until now, thickeners composed of small molecules 
have shown little success to thicken CO2, because CO2 is a weak solvent due to its 
ionic and polar characteristics. However, these thickeners have resulted in promis-
ing outcomes when used in light alkane solvents.

Keywords: CO2, associated gas, NGL, polymer, small molecules, miscible gas 
injection, thickener, and viscosity

1. Introduction

Over the past 50 years, several research groups have attempted to increase the 
viscosity of gas-solvents for two purposes. The first purpose is to reduce the gas 
mobility and improve conformance control for miscible gas injection (MGI). By 
simply increasing the injected gas viscosity, gas mobility will be reduced, and as 
a result the sweep efficiency and oil recovery would be improved. The second 
purpose is to thicken supercritical fracturing fluids to enhance well productivity in 
tight reservoirs [1–3]. This former application is particularly useful for reservoirs 
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that are sensitive to the typical water-based fluids used for fracturing. Increasing 
the fluid viscosity results in a more effective fracturing fluid [1]. In addition, at high 
pressures, viscous fluids would be able to propagate wider fractures by improving 
the transport of proppant particles and reducing the leak-off of gas into the faces of 
the fracture [1, 3, 4].

In previous studies, efforts were centred on identifying thickeners for CO2 and 
natural gas liquid (NGL) (i.e. ethane, propane, and butane) thickeners. These 
attempts are based on polymeric and small-molecule candidates as will be reviewed 
and highlighted in this chapter. The mechanisms behind the thickening of any 
solvent depend on polymer coil expansion, intermolecular interactions, entangle-
ment, aggregation (affected by the polymer molecular weight distributions), and 
self-assembly and indirectly through the effect of polymer molecules on nearby 
solvent molecules [5].

2. Direct carbon dioxide thickeners

2.1 Polymeric thickeners

The use of a polymer thickener is one of the fundamental strategies for increas-
ing CO2 viscosity [2]. The main advantages of this approach are that the thickening 
process can enhance CO2 viscosity over a wide range of temperatures and improve 
sweep efficiency across the reservoir formation [6]. Although high molecular 
weight (Mw) polymers (Mw >106 g.mol−1) are effective viscosity enhancers at dilute 
concentrations, it is extremely challenging to dissolve ultrahigh molecular weight 
in dense CO2 at reservoir conditions [6, 7]. In the literature, several polymers (Mw: 
103–106 g.mol−1) have been designed and identified that can be dissolved and thicken 
supercritical CO2 [1]. However, the pressure required for the dissolution of these 
polymers is very high in the range of 68.95–275.79 MPa, which is significantly higher 
than the typical reservoir pressures for CO2 flooding (MMP, 10.3–27.6 MPa) [1].

The earliest attempts at viscosity enhancers for dense CO2 were with oil-soluble 
polymers (e.g. non-polar organic polymers) because CO2 is known to be a non-
polar solvent capable of dissolving certain hydrocarbons and other small molecules 
quite well [6, 8]. Therefore, it was expected that oil-soluble polymers would be a 
more likely candidate to dissolve in supercritical CO2 compared to water-soluble 
polymers. Heller et al. identified 18 hydrocarbon-type polymers that exhibited 
encouraging solubility (0.22–10 g/litre) in CO2 at pressures of 11.7–21.4 MPa and 
temperatures of 293–331 K [9–14]. Although several polymers showed a slight 
increase in CO2 viscosity, none of the studied polymers were capable of enhanc-
ing the viscosity of CO2 significantly to a useful level. This is attributed to low 
solubility in CO2 leading to a random polymer coil structure that is not efficient at 
significantly increasing viscosity. Furthermore, the molecular weight of the poly-
mers found to be soluble in CO2 was very low. For example, a 1 wt% solution of low 
molecular weight atactic poly(methyl oxirane) (Mw: 408 g.mol−1) exhibited slight 
solubility in CO2 and increased its viscosity by approximately 25% at 301–306 K and 
13.7–17.9 MPa [11]. These initial efforts were followed by subsequent attempts to 
maximise the entropy of mixing between the CO2 and polymers by using disordered 
polymers with irregularity in multiple components and side chains that varied in 
chain length [9]. Thereby, focus was put on poly(α-olefins), such as poly(1-hex-
ene), poly(1-pentene), and poly(1-decene) (P-1-D). Although some achievements 
were made with some of the evaluated polymers, none of these amorphous poly-
mers were considered to be effective thickeners primarily due to their low solubility 
in CO2. In general, it is concluded that the molecular weight of the polymers had to 
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be fairly low (Mw > 1000 g.mol−1) and thus less effective at enhancing viscosity to 
achieve significant solubility in CO2 [6]. Typically, high and ultrahigh molecular 
weight polymers are used as effective thickeners. In 2012, Zhang et al. reported that 
less than 1 wt% solutions of two oligomers (i.e. P-1-D and poly(vinyl ethyl ether) 
(PVEE)) (Figure 1) could increase the viscosity of CO2 by 13–14-fold at 329 K [15]. 
Previous research groups found that neither a 1 wt% mixture of PVEE nor P-1-D 
was capable of enhancing the viscosity in either toluene or CO2 by more than several 
percents [2, 6, 8]. Therefore, Zhang et al. findings do not correlate and are incon-
sistent with the results of other research groups. Most previous studies, reported 
that for low/high molecular weight polymers, a concentration of 1.5–7 wt% is 
required to thicken CO2 albeit at very high pressure [6]. In recent studies, [16, 
17] P-1-D has been found to have sufficient solubility in both CO2 and associated 
gas (AG) mixtures (at temperatures above 358 K and pressures of 50–55 MPa) to 
considerably increase gas viscosity. The viscosity enhancement of P-1-D in an AG 
mixture (25 mol% CO2) and CO2 was measured in a capillary viscometer at differ-
ent pressures (50–55 MPa), 377 K, and varying P-1-D concentrations (1.5–9 wt%). 
For example, at 5 wt% P-1-D, the CO2 viscosity falls in the range of 0.14–0.18 cP 
(1.2–2.6-fold) over the pressure range of 50–55 MPa, while over the same pressure 
range, the AG mixture viscosity is in the range of 0.126–0.131 cP (~4-fold).

In 1987, a patent published by Bullen and co-workers [18] claimed that CO2-
based fracturing could be improved by adding a small amount of a polycarbonate 
copolymer (Mw: 20,000–150,000 g.mol−1) that was formed via low-temperature 
reaction of CO2 with propylene oxide in a homogeneous catalyst (e.g. diethylzinc 
and/or acetic acid anhydride). This copolymer exhibits dissolution in CO2 and is 
capable of increasing its viscosity by threefold at a concentration of 2.5 wt% at 
295 K and pressures ranging from 10 to 25 MPa. Furthermore, Sarbu et al. [19] 
tested the solubility of poly(ether-carbonate) copolymers (derived from propylene 
oxide and CO2) in CO2. They found that this copolymer (Mw: 16000 g/mol) could 
only be dissolved at 1 wt% at 295 K and 14 MPa. However, there was no significant 
increase in CO2 viscosity under these conditions. This calls into question some of the 
results by Bullen and co-workers as they are much better than later literature [2].

Other researchers have attempted to use entrainers (co-solvents) to improve the 
solubility of polymers in CO2 [20] and as such increase the CO2 viscosity as well as 
increase the solubility of crude oil components in the CO2-rich phase [21]. These 

Figure 1. 
High/low molecular weight polymeric thickener tested in CO2 with/without co-solvent [8].
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entrainers are relatively low molecular weight non-polar or polar organic com-
pounds which include alcohols, glycols, ethoxylated alcohols, and hydrocarbons 
[21]. Chullick’s patent claimed that addition of alcohol and glycol would promote 
the solubility of polymers in CO2 [20]. The rationale is that polar entrainers improve 
the polarizability of CO2, which may act in a similar manner to a surfactant in the 
water/oil system, while non-polar entrainers may function as mutual solvents in 
a polymer/CO2 system [20]. Therefore, the addition of entrainers to a supercriti-
cal fluid (SCF) leads to increase in the solvent power of SCF [21]. Furthermore, a 
National Institute for Petroleum and Energy Research (NIPER) group evaluated 
the use of entrainers (without polymer) as CO2 thickeners [21]. They reported 
substantial increase of CO2 viscosity with high concentration of entrainers in CO2. 
For example, 13 mol% of isooctane and 44 mol% of 2-ethylhexanol increased the 
viscosity of CO2 by 243 and 1565%, respectively. However, at dilute concentration 
of entrainers in CO2, the viscosity enhancement was subtle. For example, 2 mole% 
of 2-ethylhexanol resulted in 24% of CO2 viscosity enhancement [21]. In another 
patent, a treating fluid was used to increase the viscosity of CO2 solution. This treat-
ing fluid is formed by solubilising a polymer or copolymer of dimethylacrylamide 
(0.25–2.5 wt%) in the substantially anhydrous liquid which was cross-linked by 
a metal ion source (0.01–2 wt% of titanium, zirconium, and/or aluminium). The 
substantially anhydrous fluid/polymer and CO2 solutions formed a single phase 
and viscosified the fluid (13–30 cP) at temperatures of 338–377 K and pressures 
of 6.89–12 MPa [22]. Although, there is significant increase in CO2 viscosities, the 
amount of entrainers added is extremely high [6].

A group of researchers at the University of Wyoming attempted at in situ 
polymerisation of CO2-soluble alkene monomers, including ethylene, octene, and 
decene [23]. They found that polymerised monomers could be miscible in CO2 at 
the tested conditions (306 K and 17.9 MPa). However, the polymers did not form 
stable solutions and produced solid precipitates over time. As a result, viscosity 
enhancement was not observed. In an attempt to obtain a very high molecular 
weight polymeric thickener for CO2, researchers at Chevron [24–26] have assessed 
candidates that exhibited Hildebrand solubility parameters of less than 7 (cal/cc)0.5 
that is closer to the CO2 solubility parameter at reservoir conditions (327 K and 
17.2 MPa), which is approximately 6 (cal/cc)0.5 [27]. Furthermore, they found ben-
eficial, if the polymer candidates contained electron donor atoms such as oxygen, 
nitrogen, and sulphur that are capable of interacting favourably with the carbon 
atom (i.e. an electron acceptor) within the CO2 molecules. Electron donor func-
tional groups used in this study included ethers, sulphones, siloxanes, thioethers, 
silyethers, esters, carbonyls, dialkylamides, and tertiary amines. The researchers 
concluded that such functional groups associated within polymers would enhance 
the solubility of the polymers to some extent through specific interaction with CO2. 
However, full dissolution of such polymers in CO2 could not be attained without the 
addition of toluene as a co-solvent [24].

High molecular weight polydimethylsiloxane (PDMS, Mw: 135,000 g.mol−1) 
(Figure 1) was initially tested by Heller et al. [11] for solubility in CO2. They found 
that 0.03 wt% of PDMS could dissolve in CO2 at 298 K and 18.9 MPa. However, 
at this dilute concentration, PDMS did not appreciably enhance CO2 viscosity. 
Furthermore, others attempted to increase the PDMS concentrations in CO2; 
however, the solubility of PDMS in CO2 could not be attained without substantial 
addition of toluene as a co-solvent. Therefore, it was determined that very high 
molecular weight PDMS (Mw: 197,000 g.mol−1 and 7.3 (cal/cc)0.5) could effectively 
thicken CO2 only if a toluene co-solvent (10–20%) was added into the solution [26]. 
For example, addition of 20 wt% toluene co-solvent enabled up to 4 wt% of PDMS 
to be dissolved in CO2, resulting in a 30-fold of CO2 viscosity enhancement [26]. 
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This viscosity enhancement was compared only with pure CO2 viscosity, but it was 
not compared against toluene/CO2 viscosity, because it was expected that toluene 
addition into CO2 may not contribute directly to the CO2 viscosity enhancement 
and it only improves the solubility of polymer in CO2. However, their core flooding 
experiment results showed that CO2/toluene flood gives higher oil recovery than 
pure CO2 flood. This attributes to that toluene is a strong solvent, which causes a 
higher oil swelling and oil viscosity reduction. It was also found the viscous solu-
tion (20 wt% toluene, 4 wt% of PDMS, and 76 wt% of CO2) can significantly 
reduce gas mobility, increase oil recovery (10–20%), and delay the breakthrough in 
porous media. In another study a group of researchers from Texas A&M University 
added an organic co-solvent (e.g. toluene) into CO2-philic polymeric thickeners 
(PDMS and polyvinyl acetate (PVAc)) during core flooding experiments in order 
to enhance the solubility in CO2 [28, 29]. They prepared solutions of PDMS (5 wt% 
with a Mw of 260,000 g.mol−1) and PVAc (5 wt% with a Mw of 170,000 g.mol−1) 
with a range of toluene concentrations from 10 to 20 wt% added as a co-solvent. 
In addition, PVEE was used at the concentration of 0.8 wt% in CO2 without the 
addition of a co-solvent, as this polymer has the ability to dissolve in CO2 without 
a co-solvent [29]. Their results proved that PDMS and PVAc with the addition of 
toluene could improve the gas mobility, accelerate the oil recovery (5–10% with 
PDMS and 4–9% with PVAc), and delay CO2 breakthrough. These results were 
consistent with the finding of Chevron researchers that 4 wt% PDMS was soluble 
and could thicken CO2 in the presence of a co-solvent. In other words, both groups 
found that PDMS and PVAc are both to be CO2-philic and effective thickeners with 
the use of substantial amounts of a co-solvent. PVEE (Mw: 3800 g.mol−1) at low 
concentration (0.8 wt%) did not show any increase in viscosity or improvement 
in CO2 mobility and oil recovery [29]. This means that the PVEE may not be able 
to increase the CO2 viscosity at this concentration which further confirms that the 
thickening level reported by Zhang et.al is higher than expected.

A group of researchers at the New Mexico Petroleum Recovery Research Center 
(PRRC) proposed another route towards high-performance thickeners by intro-
ducing self-interacting functional groups at each end of the polymer chains [14]. 
These polymers with terminal ionic groups (linear, difunctional, and telechelic 
ionomers) were thought to be effective thickeners in non-polar solvents as the ionic 
groups in each chain could aggregate into multiple ion pairs causing interaction 
between separate chains. They incorporated sulphonate groups onto the ends of 
polyisobutylene, and although this polymer is soluble in CO2 at a concentration of 
0.4 wt%, the sulphonated ionomer was only partially dissolved in CO2, which is a 
weak solvent for this ionic group. In a recent publication, O’Brien et.al [30] used a 
route similar to the approach proposed by the PRRC group. The difference between 
the two studies is that the PRRC group used functional groups in the polymer chain 
that experiences intermolecular interactions with CO2, while O’Brien proposes 
using functional groups that form self-assembly and intermolecular interactions 
via hydrogen bonding (donor-acceptor), π-π stacking, and dipole-dipole interac-
tions. Therefore, the strategy used by the O’Brien’s group could be used to explore 
oligomeric molecules. So, they synthesised a series of aromatic-amide terminated 
PDMS oligomers (i.e. low molecular weight polymers) to maximise the entropic 
characteristics for oligomeric species interacting with CO2 by choosing a solute with 
high free volume and flexible chains. In addition, the aromatic moieties promote 
the formation of supramolecular structures among the low molecular weight 
oligomers. Amide and aromatic amide further enhance this interaction and induce 
self-assembly through strong hydrogen bond donor-acceptor interactions. The 
researchers found that amide-terminated-PDMS oligomers with simple aromatic 
groups through the incorporation of electron-deficient aromatic groups onto these 
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amides (i.e. 4-nitrobenzamide, biphenyl-4-carboxamide, and anthraquinone-2-car-
boxamide) did not show any significant impact on CO2 viscosity at a concentration 
of 1 wt% due to the poor interaction of functional groups in these compounds with 
CO2. However, they achieved promising results with anthraquinone-2-carboxamide 
(AQCA) as an end group that was found to be a gelator of hexane at a concentration 
of 15 wt%, and at concentrations ranging from 5 to 10 wt% in hexane, a significant 
increase in viscosity was observed. However, this behaviour did not extend to other 
similar compounds based on either biphenyl-4-carboxamide or 4-nitrobenzamide 
end groups. Therefore, they attempted to improve the intermolecular interaction 
with the AQCA end group by utilising branched anthraquinone amides, where 
the number of AQCA end groups per molecule can be increased. It was found that 
branched anthraquinone amides were insoluble in CO2 at concentrations of 1 wt%. 
However, it was soluble in CO2 when hexane as co-solvent was added. Hence, 
this branched compound can be a useful thickener in the presence of substantial 
amount of hexane as co-solvent. For example, at a temperature and pressure of 
348 K and 34.5 MPa, respectively, a transparent solution composed of 13.3% 
branched anthraquinone-amide functionalised oligomers, 26.7% hexane, and 60% 
CO2 was found to have a viscosity three times greater than that of a CO2/hexane 
mixture without a thickener. Given the low-viscosity enhancement (threefold) and 
high concentration of this compound and the co-solvent required, this compound 
was not considered to be economical and practical for CO2 flooding. These com-
pounds that have considerable intermolecular interactions with CO2 are further 
discussed in the next section of this chapter. Overall, all studies found that high/low 
molecular weight PDMS polymers were more CO2-philic than hydrocarbon-based 
polymers [31], although they were not capable of viscosifying CO2 without the use 
of substantial amounts of a co-solvent. However, the high cost of PDMS polymer/
oligomer and high concentration of co-solvent required make the field application 
for this polymer impractical [2, 6, 7].

DeSimone’s research group [32] was arguably among the first to report on a 
high molecular weight polymer-based CO2 thickener capable of increasing the 
viscosity without the need of a co-solvent. They found that 3.4 wt/vol% of either 
poly(1,1-dihydroperfluorooctyl acrylate) (PFOA) (Figure 1) or polyfluoroacylate 
(PFA, Mw: 1,400,000 g.mol−1) could be dissolved in CO2 increasing the viscosity 
of CO2 by a factor of 2.5 at a pressure of 31 MPa and temperature of 323 K. Figure 2 
shows the increase in CO2 viscosity resulted from dissolving 3.7 and 6.7 wt/v% of 
PFOA at 323 K. This is the first example of high Mw polymers that can be dissolved 
in CO2 and significantly thicken CO2 in the absence of a co-solvent. To date, PFOA 
is still recognised as the most soluble polymer in CO2 and among the most effective 
thickeners of CO2. Unfortunately, PFOA is a fluoropolymer type, which makes it 
relatively expensive. Furthermore, fluorinated polymers possess environmental 
concerns as they are suspected as carcinogen [33]. Therefore, if the cost and envi-
ronmental constraints are considered, PFOA is not practical for field application in 
CO2 flooding [2].

To limit these negative aspects of fluorinated polymers and potentially 
make them viable, Enick and Beckman and other co-workers at the University 
of Pittsburgh have tried to reduce the amount of fluorinated polymers needed 
without affecting its performance [4, 34, 35]. They prepared a copolymer based 
on a perfluoropolyacrylate and a functional group, which engages strongly in 
intermolecular interactions, in order to promote an increase in CO2 viscosity. This 
copolymer is composed of 71–79 mol% of fluoroacrylate monomer (1,1,2,2-ttatra-
hydro heptaecfluorodecylacrylate) and 21–29 mol% of styrene group (polyfluoro-
acrylate styrene or polyFAST) (Figure 1). The fluoroacrylate monomer is highly 
CO2-philic and facilitates polyFAST solubility in CO2. The associating styrene 
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group is a mildly CO2 phobic monomer that promotes intermolecular interactions 
and improves viscosity enhancement through supramolecular interactions. This 
copolymer was found to be soluble in CO2 at pressure and temperature conditions 
close to those used in CO2-EOR [34]. However, the solubility was found to decrease 
with an increase in the styrene content [4]. For instance, the cloud point pressure 
of 1 wt% of 29 mol% styrene-71 mol% fluoroacrylate copolymer and 35 mol% 
styrene-71 mol% fluoroacrylate copolymer in CO2 at 297 K is 12 MPa and 16.2 MPa, 
respectively. Furthermore, it was also found to significantly increase CO2 viscosity 
at dilute concentrations of polyFAST. As it can be seen in Figure 3, 0.5 and 1 wt% 
of polyFAST in CO2 at 298 K are able to increase the viscosity of CO2 by 1.5- and 
2.3-fold, respectively [34]. However, polyFAST is the most effective polymeric 
thickener for CO2 at dilute concentration in the absence of a co-solvent. Comparing 
to PFOA results, this copolymer was successful to reduce concentration by 73% to 
achieve the same viscosity improvement (2.3-fold) at 323 K and 34 MPa. However, 
it was not practical to be used for CO2-EOR application due to the cost of the 
copolymer (roughly $132 per kg) and lack of its availability in large quantities [2]. 
In addition, this copolymer contains a large amount of fluorine, which is environ-
mentally and biologically persistent [29].

Figure 2. 
The viscosity enhancements of PFOA in CO2 at different pressures and concentrations and temperature of 
323 K [32].

Figure 3. 
The effect of temperature on the relative viscosity of polyFAST in CO2 solution at 34 MPa [35].
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Another promising strategy to obtain effective CO2 thickeners was introduced 
to avoid the aforementioned environmental and economic concerns associated 
with fluorous and silicone-based polymers. Several researchers have focused on the 
synthesis and design of non-fluorinated oligomers and polymers. Tapriyal et al. [36] 
found that PVAc is the second most CO2 soluble polymer among non-fluorous poly-
mers with PDMS being the most soluble. However, the dissolution of high Mw PVAc 
in CO2 requires a very high pressure. In addition, no measureable viscosity increase 
was observed with 1–2 wt% of PVAc (Mw: 11000 g.mol−1) in CO2 at 298 K and 
64 MPa. Furthermore, Enick and co-workers [36] designed a non-fluorinated version 
of PFOA in the hope of finding a thickener candidate that is cheap, environmentally 
friendly, and capable of increasing CO2 viscosity at low concentration. Therefore, 
they developed new copolymers based on an oxygenated hydrocarbon polymer 
(making it CO2-philic) and a self-interacting group (or CO2-phobic) to enhance 
viscosity. Some of the attractive oxygenated hydrocarbon monomers include vinyl 
acetate, alkyl vinyl ether, carbonyl, and sugar acetate functional groups [37–43]. 
Oxygenated hydrocarbon monomers containing functional groups with one or more 
oxygen atoms can induce thermodynamic interactions with CO2. These oxygen atoms 
are electropositive, while the carbon atoms in CO2 are electronegative, which facilities 
Lewis acid-base interactions. In addition, the hydrogen bond in the polymer back-
bone or side chain having increased the positive charge (H…O) acts as Lewis acids 
towards electron the oxygen atoms in CO2 [41]. As mentioned above, PVAc is among 
the most CO2-philic high MW oxygenated hydrocarbon polymers [43]. Therefore, 
Enick and co-workers replaced the fluoroacrylates in polyFAST with vinyl acetate 
monomers in order to reduce the cost of the polymer. They designed non-fluorous 
copolymers for CO2 solubility, while the styrene group was replaced with a benzoyl 
group for intermolecular association. This approach simplifies the copolymer synthe-
sis as styrene cannot be polymerised with the vinyl acetate monomer due to the large 
reactivity ratio difference [36]. They synthesised a 5% benzoyl-95% vinyl acetate 
copolymer or polyBOVA (Mw: 7840 g.mol−1). A modest increase in CO2 viscosity of 
40–80% at a concentration of a 1 and 2 wt% was observed; however, high pressure 
was required (64 MPa) to attain the dissolution of this copolymer in CO2 at 298 K.

2.2 Small-molecule self-associating thickeners

An alternate strategy to increase the viscosity of CO2 is to employ self-interacting 
low molecular weight compounds as thickeners (Table 1). In order to differentiate 
between co-solvents and this class of thickeners, these compounds interact with each 
other and the CO2 resulting in a self-assembled structure that contains a solvent-
philic group and a solvent-phobic segment, while a co-solvent is nonassociating and 
consists of solely a solvent-philic segment [7]. These small molecules do not have the 
required molecular weight to substantially increase the gas viscosity; however, these 
compounds self-associate forming a supramolecular network that enhances the CO2 
viscosity [2]. In general, these compounds contain functional groups with both CO2-
philic segments that promote dissolution, and the CO2-phobic moieties induce inter-
molecular association [44]. Therefore, the various associations between neighbouring 
molecules within the CO2 matrix lead to viscosity enhancement [2]. Furthermore, 
the self-assembly of these molecules in solution can be characterised via a dramatic 
viscosity change or small-angle neutron scattering (SANS), FT-IR, circular dichroism, 
X-ray diffraction, electron microscopy, or differential scanning calorimetry [45–53]. 
To date, small associative molecules have yielded little success in thickening CO2, 
because CO2 is a poor solvent for these ionic and polar associating groups [8]. The 
following section describes the different types of small molecules used to thicken CO2.
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2.2.1 Trialkyltin fluorides and semi-fluorinated trialkyltin fluorides

Heller and co-workers studied a series of trialkyltin fluoride compounds as light 
alkane and CO2 thickeners [12, 13, 44]. These compounds show a moderate increase 
in CO2 viscosity via the formation of intermolecular associations between the tin 
and fluorine atoms in the solution. Figure 4 shows the association of tributyltin 
fluoride molecules. Trialkyltin fluoride forms a long linear transient polymeric 
chain through intermolecular association between the tin atom and the fluorine 

Small-molecule 
compound

Concentration 
in CO2

Co-solvent Soluble 
in CO2 

observations

CO2 
viscosity 
increased 

at 
298–313 K

Reference

Trialkyltin fluoride 0.13 wt% Pentane 
(39 wt%)

Insoluble No 
viscosity 
increased

[56]

Semi-fluorinated 
trialkyltin fluorides 
and fluorinated 
telechelic ionomers

2–4 wt% No 
co-solvent

Soluble 2–3-fold [55]

Hydroxyaluminum 
disoaps

— — Insoluble No [62]

Fluorinated 
hydroxyaluminum 
disoaps

— — Partially 
soluble

No [2]

Metallic stearate 
powders

— — Insoluble No [62, 63]

Semi-fluorinated 
powders

5–20 wt% No 
co-solvent

Soluble Gel 
solution

[64]

Hydroxystearic 
acid

3 wt% Ethanol 
(15 wt%)

Soluble 100-fold 
(gel 

solution)

[65]

Fluorinated 
bis-ureas

5 wt% No 
co-solvent

Soluble 3–5-fold [66]

Non-fluorous 
bis-ureas

1 wt% No 
co-solvent

Soluble 
(opaque 
solution)

No 
viscosity 
measured

[67]

Sodium 
pentadecfluoro-5-
dodecyl sulphate 
(NaF7H4)

4.4 wt% 
NaF7H4

10 mol of 
water/mol 
surfactant

No 
co-solvent

Soluble 2-fold [70]

Nickel bis-
nonofluoropentane 
sulphosuccinate 
(Ni-diHCF4)

6 wt% 
Ni-diHCF4

10 mol of 
water/mol of 

surfactant

No 
co-solvent

Soluble 1.5-fold [49]

Branched benzene 
trisurea

0.5–2 wt% Hexanes 
(18–

48.4 wt%)

Soluble 3–300-fold [75]

Table 1. 
Outline of the solubility in CO2 and CO2 thickening capability of small-molecule compound.
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atom of neighbouring molecules. In fact, the tin atom is slightly electropositive 
which interacts with the electronegative fluorine atom to form an intermolecular 
Sn-F association, as can be seen in Figure 4, while the hydrocarbon arms branch-
ing from the tin atom enhance the free volume which facilitates the solubility 
in CO2 [55]. Apparently, these molecular structures form linear and associating 
structures in which the alkyl arms stabilise the aggregation, while the tin atoms in 
each molecule associate with the fluorine atoms in adjacent neighbour molecules 
[55]. Although there was some success with tributyltin fluoride or other trialkyltin 
fluorides in thickening light alkane components, these compounds were insoluble 
in CO2 and ineffective as thickeners, even with the addition of pentane as a co-
solvent [56, 57]. Later on, Shi et al. [55] synthesised semi-fluorinated trialkyltin 
fluorides and fluorinated telechelic ionomers to prepare a solution containing both 
CO2-philic fluorinated groups to enhance the solubility and CO2-phobic associat-
ing group to promote intramolecular association for viscosity enhancement. Both 
ionomers were soluble in CO2 at 2–4 wt% without requiring the addition of a co-
solvent. Their results indicated that both ionomers were capable of increasing the 
viscosity of CO2 by 2–3-fold over a concentration range of 2–4 wt%. For example, 
at 4 wt% of tri(2-perfluorobutyl ethyl) tin fluoride in CO2, the viscosity increased 
three times at 298 K and 16.5 MPa. This viscosity increase was found to be much less 
than expected because the side chain fluorine atoms on the Sn-F associations were 
disrupted. This is attributed to the fluorine atom at the end alky arms competing 
with the fluorine atom attached to the tin atom caused by the electronegativity dif-
ferences between these chain-end fluorines and those adjacent to the tin. Hence, the 
disruption of the fluorinated alkyl chains is responsible for the viscosity increase 
[55]. Overall, given the necessary high concentrations of the ionomers required and 
their high costs, these fluorinate oligomers are not considered viable thickeners for 
field applications [2, 6, 55].

2.2.2 Fluorinated and non-fluorous hydroxyaluminum disoaps

Hydroxyaluminum disoaps were developed to thicken gasoline which was used 
to make napalm, the infamous weapon type used in World War II [58–60]. These 
molecules are an aluminium-based soap with two carboxylic acid groups linked to 
the aluminium atom [61]. A small amount of hydroxyaluminum disoap added to 
low-viscosity gasoline transforms it to a thick and extremely viscous fluid referred 
as napalm. In an analogous manner, these compounds were studied to determine 
their solubility in CO2 and quantify their ability to thicken CO2. Enick and co-work-
ers synthesised a series of hydroxyaluminum disoaps [62]. Unfortunately, none 
of the hydroxyaluminum disoaps were soluble in CO2. Similar to the results with 
trialkyl tin compounds summarised above, unpublished results by Enick showed 
that the solubility of some of these compounds in CO2 could be enhanced either by 
fluorinating the alkyl arms or using highly branched alkyl chains [2]. However, this 
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atom of neighbouring molecules. In fact, the tin atom is slightly electropositive 
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metallic stearate powders [63]. Metal stearates are salts that are produced from the 
reaction of stearic acid and metal oxide, which are dissolved in hydrocarbon-based 
oils usually with the assistance of heat to break up strong intermolecular forces. The 
viscosity of the hydrocarbon-based oils is enhanced when the solution cools down. 
This same approach was attempted with CO2; however, this was unsuccessful as 
they are insoluble even with the assistance of heat.

2.2.3 Semi-fluorinated alkanes

Iezzi and co-workers [64] made an early attempt to thickened CO2 by using 
semi-fluorinated alkanes. They designed a series of linear diblock alkane com-
pounds (F(CF2)n (CH2)m H), which contained two immiscible segments forced 
to interact via a covalent carbon-carbon bond. It is found that this compound 
can gel organic liquid (e.g. decane and octane) through the formation of micro-
fibrillar network if the solution is heated and then left to cool down. After the 
solution (CO2 and semi-fluorinated alkane) cools, the semi-fluorinated com-
pounds form a covalent cross-link between molecules and high-porosity and 
micro-fibrillar networks that can gel the dense CO2. The fluorinated segments 
stack with other adjacent fluorinated segments (analogous to hydrocarbon seg-
ments) to form the fibre network [7, 56]. However, the gel solution is not suitable 
for gas mobility control due to its phase behaviour where the viscous solution 
could not flow through a porous medium and retained at the surface of the rock. 
This solution may be applicable for conformance control to block fractures or 
high permeable zones.

2.2.4 Hydroxystearic acid

Heller and co-workers [65] proposed a small organic compound, known as 
12-hydroxystearic acid (HAS). This compound (H3C(CH2)5 CHOH(CH2)10COOH) 
had previously been used to gel hydrocarbon and chlorinated solvents. However, 
the essential assessment results indicated that the HAS was insoluble in CO2 unless 
a significant amount of a co-solvent (i.e. ethanol) was added. For instance, the 
addition of 15 wt% of ethanol co-solvent enabled a solubility of up to 3 wt% of HAS 
in CO2 resulting in a nearly 100-fold increase in viscosity in the temperature range 
of 300–307 K. As the temperatures decrease, the solution exhibits a slight viscosity 
increase. In addition, microfibres in the gel solution form an opaque solution that 
would probably impede the fluid flow in the reservoir formation.

2.2.5 Fluorinated and non-fluorinated bis-ureas

A group of researchers at Yale University and the University of Pittsburgh 
developed a series of small-molecule compounds containing either one or two urea 
groups [66]. The urea groups in these compounds induce self-assembly interactions 
via a hydrogen bond; thereby, these interactions form macromolecular associations 
that can enhance the viscosity of the CO2-rich solution. Out of the 12 compounds 
tested, 4 fluorinated bis-urea compounds were highly soluble in CO2 without need-
ing heat and capable of improving the CO2 viscosity by 3–5-fold at 5 wt% of bis-
urea at 298 K and 31 MPa. In the hope of obtaining a non-fluorous bis-urea, Paik 
et al. [67] attempted to incorporate the CO2-philic groups (hydrocarbon, carbonyl, 
and ether groups) into the molecular structure of the bis-urea as illustrated in 
Figure 5. However, their results revealed that after forming a transparent solution, 
microfibres began to form slowly due to the molecules undergoing self-assembly 
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and precipitating out of solution. Therefore, these compounds cannot be consid-
ered for EOR applications.

2.2.6 Surfactants with twin and divalent metal cations

Eastoe and co-workers designed semi-fluorinated surfactants based on a 
previous study that used aerosol-OT (AOT)-based water-in-oil microemulsions 
in cyclohexane solvent [49, 68, 69]. The molecular structure of these surfactants 
is illustrated in Figure 6. These surfactants are soluble in CO2 and form rodlike 
micelles that enhance CO2 viscosity with the addition of a small amount of water. 
The purpose of adding water into the solution is to form a stable microemulsion 
in the presence of AOT surfactant and to promote an aggregate shape that changes 
the self-association of the surfactant from a spheroid (non-viscous) configuration 
to a rod shape (viscous) that significantly enhances the viscosity of the solution. 
Two di-chain perfluorinated sulphosuccinate surfactants (nickel bis-nonofluo-
ropentane sulphosuccinate (Ni-diHCF4) and sodium pentadecfluoro-5-dodecyl 
sulphate (NaF7H4)) yielded the greatest viscosity increase among the compounds 
tested. These surfactants have been modified in such a way that can form rod-
like micelles to promote solubility in CO2 and viscosity enhancement. This was 
achieved by the exchange of Na+ ions with Ni2+ or Co2+ to drive a sphere-to-rod 

Figure 6. 
Molecular structure of a fluorinated twin-tailed surfactant as a CO2 thickener [49].

Figure 5. 
Molecular structure of non-fluorous bis-ureas [67].
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transition as shown in Figure 6 [49, 70]. Furthermore, a di-chain perfluorinated 
AOT analogue is known to stabilise microemulsions of water in CO2 [71–74]. A 
high-pressure small-angle neutron scattering (SANS) confirmed the solubility of 
both surfactant in CO2 and formation of rodlike micelles. At 298 K and 40 MPa, 
both surfactants (0.05 mol dm−3) with 10–12.5 moles of water per mole of surfac-
tant achieved a transparent solution in CO2 [49, 70]. At 298 K, 35 Mpa, 6 wt% of 
Ni-diHCF4, and 10 moles of water per mole of surfactant added into CO2, viscosity 
enhancements of up to 1.5-fold have resulted [49], and 4.4 wt% of NaF7H4 with 
12.5 moles of water per mole of surfactant caused a 2-fold increase in viscosity at 
313 K and 40 MPa [70]. However, these surfactants required a very high pressure 
to attain a single phase, and high concentrations of 5–7 wt% were necessary to 
achieve a significant viscosity increase. Therefore, these thickeners would not be 
suitable for field applications as both need a relatively high concentration of these 
expansive surfactants.

2.2.7 Cyclic and aromatic amide and urea based

Most of the successful associating small-molecule compounds as CO2 thickeners 
that have been described above are fluorinated or semi-fluorinated materials. These 
fluorinated materials are both expensive and environmentally persistent due to the 
fluorine content and high concentrations (3–5 wt%) required for use as a CO2-EOR 
thickener [75]. Therefore, in a recent publication, Doherty et al. [75] synthesised 
and examined a series of cyclic and aromatic amide and urea compounds as 
non-fluorous small-molecule thickeners for dense CO2 and organic liquids. They 
designed the molecular structure of the compounds as shown in Figure 7. These 
compounds contain cyclic or aromatic core molecules (e.g. cyclohexane or ben-
zene) which are mildly CO2-phobic to promote intermolecular interactions. These 
core ring groups are combined with associating or linking groups (labelled as ‘X’) 
which are typically either amide, urea, or ester groups to establish the intermo-
lecular interaction for viscosity enhancement. In addition, these linking groups 
also aid the connection of CO2-philic segments (siloxane or heavily acetylated) 
to cyclic or aromatic core molecules to improve dissolution in CO2. It has been 
found that after heating and cooling the mixture, these compounds were capable 
of thickening organic liquids such as hexane and toluene. Researchers have found 
branched benzene trisurea (propyltris(trimethylsiloxy)silane-functionalised 
benzene trisurea and trisurea compounds functionalised with varying proportions 
of propyltris(trimethylsiloxy)silane and propyl poly(dimethylsiloxane)-butyl 
groups), which are soluble in dense CO2. These compounds are capable of thick-
ening CO2 (3–300-fold) at remarkably low concentrations (0.5–2 wt%) in the 
presence of hexane as a co-solvent at high concentrations (18–48 wt%) [2, 8]. A 
300-fold viscosity increase is too large and definitely not suitable for EOR applica-
tions. The high concentration of the required co-solvent at low concentration of the 
additive severely limits the applicability of this approach due to the high manufac-
turing costs and environmental concerns (Table 1).

Figure 7. 
General molecular structure of small-molecule cyclic amide and urea based [75].
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3. Hydrocarbon gas thickeners

3.1 Polymeric thickeners

As discussed so far, most of the research regarding gas thickening agents have 
focused solely on CO2 because it is the most common injected fluid for MGI projects 
in the United States, Canada, and elsewhere [76, 77]. In addition, CO2 is a slightly 
more powerful polymer solvent than short-chain alkane gases. The structural sym-
metry of CO2 results in a substantial quadruple moment (Qi) at low pressure and 
temperature, which can magnify the quadrupole interaction by scale inversely with 
the molar volume to the 5/6 power (Qi

* = Qi. Vi
−5/6) [78]. Despite these characteris-

tics, CO2 is a weak solvent when compared to most organic solvents. However, there 
have been a few attempts at identifying polymeric thickeners for pure light hydro-
carbon gases [79–81]. In the late 1960s, several patents reported initial attempts at 
thickening light alkane gases. Henderson et al. [81] made the first attempt to thicken 
a hydrocarbon by using three polymers including poly methyl laurylate, polybuta-
diene, and poly(alkyl styrene). These polymers (at a concentration of 0.25 vol%) 
are capable of improving the viscosity of light hydrocarbon gases by about 0.1%. 
Subsequently, Durben and co-workers examined polyisobutylene polymer (PIB, 
Mw: 130,000 g.mol−1) in a rich condensate mixture containing 75 vol% propane and 
25 vol% heptane. They claimed to achieve a 2–5-fold viscosity increase at a concen-
tration of 0.25 wt% of PIB [80]. However, none of the patented work reported the 
details of the method used to measure the viscosity of the solutions examined.

Subsequent attempts by Heller et al. to identify polymeric thickeners for LPG 
and CO2 [9] found that various poly- α -olefin polymers (PAO) based on n-pentene, 
n-hexene, and n-decene could be used. These polymers were found to be quite 
soluble in n-butane at a temperature of 298 K and pressure of 8.2 MPa; however, 
their solubility in CO2 was much more limited at a temperature of 305 K and pres-
sure of 17.2 MPa. The addition of these polymers at concentrations ranging from 1 to 
2.2 wt% to n-butane enhanced the viscosity by fivefold (Table 2). In a recent publi-
cation, Dhuwe et al. assessed the solubility and viscosity-enhancing property of high 
and ultrahigh molecular weight polymers in NGL (i.e. a mixture of ethane, propane, 
and butane) [82, 83]. Polymers evaluated included ultrahigh molecular weight 
drag-reducing agent (DRA) poly- α -olefin (Mw: 20,000,000 g.mol−1), high molecular 
weight PDMS (Mw: 980,000 g.mol−1), and PIB (Mw: 130,000 g.mol−1). Ultrahigh 
molecular weight DRA poly-α-olefin is commonly used in oil pipelines to supress the 
energy dissipation near the pipe wall that results from the turbulent flow at high flow 
rates. This polymer does not change the fluid properties (e.g. viscosity) at the dilute 
concentrations used for this application. Dhuwe et al. [83] found it to be sufficiently 
soluble in NGL if a significant amount of hexane is added as a co-solvent. For 
example, at 0.5 wt% of DRA polymer and 24.5 wt% hexane in propane or butane, 
the cloud point pressures at temperatures of 333 K were found to be equal to 3.07 and 
0.77 MPa, respectively. However, it requires very high pressure to attain solubility 
in ethane (46.95 MPa) at the same concentrations. At 0.5 wt% of DRA polymer and 
24.5 wt% of hexane, the viscosity of ethane and propane could be improved by 3–9-
fold, while 23–30-fold enhancement was obtained in butane (Table 2). The reason 
for the greater increase in the viscosity of butane is explained by the larger butane 
solubility compared to the solubility of propane and ethane that aids the expansion 
of the polymer backbone (i.e. coil) that swells the DRA polymer [82, 83].

Furthermore, they have also tested the solubility of high molecular weight PIB 
and PDMS in NGL components. PIB was found to be insoluble in ethane, propane, 
and butane at temperatures ranging from 298 to 353 K and high pressure, while 
PDMS was soluble in all NGL constituents without the aid of a co-solvent [82, 83].  
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In propane and butane, PDMS was soluble at pressures close to the vapour pres-
sures of propane and butane, while in ethane, it required high pressure (much 
greater than its vapour pressure) to attain solubility. For example, at 333 K and 
2 wt% of PDMS in ethane, propane, and butane, the cloud point pressures were 
obtained to be equal to 18, 2.56, and 0.92 MPa, respectively. Furthermore, they 
found PDMS to be an effective thickener in propane and butane but an ineffective 
thickener in ethane. For example, at 333 K and at a concentration of 2 wt%, PDMS 
achieved viscosity increases of 1.2-fold in ethane, 2-fold in propane, and 4-fold 
in butane. It was also found to be a better thickener at high pressure (62 MPa). 
Overall, high molecular weight PDMS is not a viable thickener of NGL for EOR 
applications [83].

In comparison to the results obtained by Heller et al. for 2.2 wt% of PAO 
(poly(1-pentene), poly (1-hexene), and P-1-D) in butane at 298 K, DRA increases 
butane viscosity substantially at even lower concentrations (0.5 wt%), because of 
the extremely high molecular weight of DRA, regardless the relatively high con-
centration of hexane added to the system. Although PDMS has a higher molecular 
weight (Mw: 980,000 g.mol−1) than PAO, PDMS offers a lower relative viscosity 
(fourfold) than the viscosity obtained by low molecular weight PAO (fivefold). 
These observations indicate that the increase in gas viscosity depends on several 
factors and not solely on the molecular weight of the additives. Additional factors 
that can influence the viscosity-enhancing ability of an additive include the nature 
of additives and the solvent, the concentration of additives, the molecular weight 
distribution of the additives, and the type of intermolecular interactions among 
the additives and the solvent [84, 85]. These chemical additives (PDMS and PAO) 
have different chemical structures. PAO has a carbon-carbon backbone with atactic 
molecular structure of mostly uniform head-to-tail connections with some head-
to-head-type connections in the structure [86]. On the other hand, PDMS has sili-
cone-oxygen backbone and more flexible molecules than P-1-D molecules. Hence, 
PDMS can have lower steric hindrance and greater bond angle (143o vs. 110° for 
C-C-C) to rotate around the Si-O bond [87]. Furthermore, the effect of molecular 
structure and polymer molecular weight on viscosity has been studied by Zolper 
et al. [87] who found that similar viscosity can be obtained for different molecular 
mass. For example, the viscosity of PAO at 1000 g.mol−1 is equivalent to the viscos-
ity of PDMS at around 10,000 g/mol. This was attributed to the additional attrac-
tive intermolecular forces between the polymers with increasing branches, which 
leads PAO to having higher viscosity indices than PDMS. Therefore, the effect of 
PAO on butane viscosity could be attributed to the structure of the polymer. These 
effects are more pronounced in improving the solvent viscosity than the PAO 
molecular weight.

3.2 Small-molecule self-associating thickeners

Similarly to studies for CO2, low molecular weight self-associating compounds 
have been studied as thickening agents of light alkane gases for gas mobility control 
and hydraulic fracturing purposes [54, 82, 88, 89]. Ideally, small-molecule com-
pounds need two processes to attain dissolution and viscosity enhancement [88, 
89]. The first is a high-pressure heating cycle, which disrupts the intermolecular 
association to enhance the dissolution. The second process is the cooling cycle to 
re-establish the intermolecular association necessary for viscosity enhancement. 
However, some small-molecule compounds do not require this two-step process to 
attain dissolution and viscosity enhancement in NGL [89]. Previous studies on the 
application of small-molecule compounds to increase the viscosity of light alkane 
gases are discussed in the following section.
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In propane and butane, PDMS was soluble at pressures close to the vapour pres-
sures of propane and butane, while in ethane, it required high pressure (much 
greater than its vapour pressure) to attain solubility. For example, at 333 K and 
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achieved viscosity increases of 1.2-fold in ethane, 2-fold in propane, and 4-fold 
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the extremely high molecular weight of DRA, regardless the relatively high con-
centration of hexane added to the system. Although PDMS has a higher molecular 
weight (Mw: 980,000 g.mol−1) than PAO, PDMS offers a lower relative viscosity 
(fourfold) than the viscosity obtained by low molecular weight PAO (fivefold). 
These observations indicate that the increase in gas viscosity depends on several 
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distribution of the additives, and the type of intermolecular interactions among 
the additives and the solvent [84, 85]. These chemical additives (PDMS and PAO) 
have different chemical structures. PAO has a carbon-carbon backbone with atactic 
molecular structure of mostly uniform head-to-tail connections with some head-
to-head-type connections in the structure [86]. On the other hand, PDMS has sili-
cone-oxygen backbone and more flexible molecules than P-1-D molecules. Hence, 
PDMS can have lower steric hindrance and greater bond angle (143o vs. 110° for 
C-C-C) to rotate around the Si-O bond [87]. Furthermore, the effect of molecular 
structure and polymer molecular weight on viscosity has been studied by Zolper 
et al. [87] who found that similar viscosity can be obtained for different molecular 
mass. For example, the viscosity of PAO at 1000 g.mol−1 is equivalent to the viscos-
ity of PDMS at around 10,000 g/mol. This was attributed to the additional attrac-
tive intermolecular forces between the polymers with increasing branches, which 
leads PAO to having higher viscosity indices than PDMS. Therefore, the effect of 
PAO on butane viscosity could be attributed to the structure of the polymer. These 
effects are more pronounced in improving the solvent viscosity than the PAO 
molecular weight.
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have been studied as thickening agents of light alkane gases for gas mobility control 
and hydraulic fracturing purposes [54, 82, 88, 89]. Ideally, small-molecule com-
pounds need two processes to attain dissolution and viscosity enhancement [88, 
89]. The first is a high-pressure heating cycle, which disrupts the intermolecular 
association to enhance the dissolution. The second process is the cooling cycle to 
re-establish the intermolecular association necessary for viscosity enhancement. 
However, some small-molecule compounds do not require this two-step process to 
attain dissolution and viscosity enhancement in NGL [89]. Previous studies on the 
application of small-molecule compounds to increase the viscosity of light alkane 
gases are discussed in the following section.
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3.2.1 Trialkyltin fluorides

Dunn and Oldfield first reported on the use of tri-n-butyl tin fluoride (TBTF) 
as a direct thickener of non-polar solvents including carbon tetrachloride and 
n-propane [89]. Figure 8 illustrates the association mechanism of tributyltin 
fluoride [90], where a linear polymeric chain of penta-coordinate tin atoms are 
linked by fluorine atoms. TBTF is a white powder with a melting point of 544 K 
[88, 89]. The three butyl arms attached to the tin atom enhances the solubility 
of TBTF in a hydrocarbon solvent, while the intermolecular association formed 
among the tin and fluorine atoms induces the viscosity-enhancing effect. It has 
been found that TBTF is soluble in organic liquids and light alkanes under stirring 
for several minutes without requiring a heating and/or a cooling cycle [89]. TBTF 
is an effective thickener for intermediate hydrocarbon components. Dandge et al. 
[54] found TBTF to be capable of improving the viscosity of propane and butane. 
For instance, at concentrations of 0.13–0.15 wt% at 298 K, it increased the viscos-
ity of these components by 2–10-fold at 8.3 MPa. In addition, they also found that 
TBTF was only partially soluble in ethane and with no measurable viscosity change 
[79]. Later on, Enick and co-workers confirmed the ability of TBTF to thicken 
propane and butane liquids at 298 K at concentrations of 0.2–5 wt% [56]. Other 
trialkyltin fluorides have been tested in hydrocarbon solvents. Tripropyltin fluoride 
(TPTF) is not soluble in propane and butane, because the propyl arms are too short 
to induce the dissolution of TPTF in these solvents [91]. Therefore, it confirms 
that the solubility of trialkyltin fluoride in n-alkane increases as the number of 
carbon atoms in n-alkyl arms (R) increases [54]. However, at equivalent mass 
concentration, TBTF in n-hexane or n-butane has shown to outperform in viscosity 
enhancement compared with other solvents [54]. For example, at a concentration 
of 10 g/L and 310 K, TBTF increases the viscosity of n-hexane by 750-fold (from 
0.265 cP to 196 cP), while the tetrachloroethylene viscosity is enhanced by 380-fold 
(124.45 cP) [54].

A recent study has tested the solubility and viscosity enhancement ability for 
dilute concentrations (>1 wt%) of TBTF in ethane, propane, and butane at high 
pressures (38–64 MPa) and high temperatures (298–373 K) [82, 88, 89]. TBTF is 
soluble in propane and butane above the corresponding vapour pressure of these 
components, while in ethane, TBTF is soluble at much higher pressures than the 
ethane vapour pressure. In addition, it was observed that the relative viscosity of 
TBTF in NGL components increases slightly with increasing pressure at all tem-
peratures and TBTF concentrations. Increasing the pressure does not affect the 
self-assembly of the supramolecular structure; it only affects the solvent strength 
which has a less significant effect on the solution viscosity. Furthermore, as tem-
perature increases, the intermolecular association between the tin and fluoride 

Figure 8. 
Association mechanism of tributyltin fluoride [89].
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molecules diminish, leading to a significant decrease in the viscosity enhancement 
in all light alkane components. For example, with 1 wt% concentration of TBTF in 
ethane at 298 K and 62 MPa, the achieved relative viscosity is 90, and it drops to 75 
at 313 K. The relative viscosity significantly drops further to 20, 6, and 1.5 at 333, 
353, and 373 K, respectively [82] (Table 2).

3.2.2 Hydroxyaluminum di-2-ethylhexanoate (HAD2EH)

A mixture of aluminium disoap and gasoline liquid is heated to high temperatures 
(368–373 K) to promote its dissolution by dismantling the intermolecular associations 
between the aluminium disoaps. Then it is cooled down to allow self-assembly of 
the disoap molecules, whereby the viscosity of the solution is enhanced significantly 
[88, 89]. Enick and co-workers [62] studied a single aluminium salt, referred to as 
hydroxyaluminum di-2-ethylhexanoate (HAD2EH). Figure 9 depicted the associa-
tion mechanism of HAD2EH. They found HAD2EH to exhibit a remarkable solubility 
in light hydrocarbon gases such as propane and butane. It is also capable of thickening 
these components at dilute concentrations. For example, at 293 K, HAD2EH con-
centrations in the range of 0.2–1 wt% were capable of increasing the viscosity of the 
solution by 10–100-fold as tested in a high-pressure falling-ball cylinder viscometer. 
However, the solution formed was hazy, due to a portion of the HAD2EH molecules 
forming solid fibres in both liquid propane and butane at high pressures.

Figure 11. 
Chelation mechanism and micellar structure of phosphate ester/metal ion complex [96].

Figure 10. 
Molecular structure of phosphate di-/monoester, phosphonic acid ester, and dialkyl phosphinic acid [89].

Figure 9. 
Association mechanism of HAD2EH molecules [89].
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Dhuwe et al. [82, 89] examined blends of HAD2EH in several NGL (i.e. ethane, 
propane, and butane) individually under a range of pressures (34–62 MPa) and 
temperatures (298–273 K). HAD2EH was soluble in propane and butane while 
insoluble in ethane. At a temperature of 298 K, HAD2EH was insoluble in all light 
alkanes. Heating to 373 K, high pressure, and stirring were required to attain 
dissolution, followed by cooling to a temperature above 313 K to obtain a single 
phase solution. If the solution is cooled down to a temperature of 298 K, HAD2EH 
precipitated in both propane and ethane. Accordingly, it was observed that 
HAD2EH was an effective thickener in butane and propane at temperatures as low 
as 313 K. For example, at a concentration of 0.5 wt% HAD2EH and temperatures of 
333–373 K, butane viscosity increases by 15–19-fold, while propane is thickened by 
2–3-fold [82, 89].

3.2.3 Cross-linked phosphate esters

Several studies report the attempts made to gel light hydrocarbon gas (LPG) 
using phosphorus-based esters cross-linked with polyvalent metal ions (Figure 10) 
for dry hydraulic fracturing applications [90, 92–95]. These techniques use phos-
phate mono-/diesters linked to alkyl tails. Typically, a hydrocarbon liquid agent 
solution is formed by combining two low-viscosity liquid reactants (i.e. a solution 
containing the phosphate ester and one containing a polyvalent metal ion cross-
linking agent) together in the fluid that is being thickened. The two low-viscosity 
liquids quickly dissolve in the hydrocarbon fluid (e.g. light alkane) without the 
need of heating and/or cooling cycles. The polyvalent metal ion bound more 
tightly to phosphate esters than to the ligand, which leads the phosphate ester to 
quickly chelate with metal ion and form long micellar and a supramolecular struc-
ture as shown in Figure 11. If this long micellar structure remains soluble in the 
solvent, then it can significantly improve the solution viscosity. Rapid dissolution 
of the phosphate ester system in the solvent and the rapid viscosity enhancement 
kinetics could make these molecular structures attractive for use with NGL in EOR 
applications [88, 89].

There are a few studies reporting the use of oil-soluble phosphate mono-/
diesters, dialkyl phosphinic acids, or alkyl phosphonic acid ester cross-linked 
with polyvalent metal ions including Fe3+, Mg2+, Al3+, Zn2+, and Ti4+ at concentra-
tions of 0.2–2.5 wt% to increase the viscosity of hydrocarbon oils (e.g. diesel and 
kerosene) by 2–100-fold [93, 94, 97]. Furthermore, phosphate-based esters could 
be used as gel agents for CO2 and hydrocarbon liquid mixtures [98, 99]. Lee and 
Dhuwe et al. [82, 88, 89] studied blends of cross-linked phosphate esters (CPE) 
(phosphate ester (HGA 70-C6) and cross-linker (HGA 65)) with NGL compo-
nents (ethane, propane, and butane) at temperatures ranging from 298 to 373 K 
and pressures ranging from 13.8 to 62 MPa. They found that phosphate ester and 
the cross-linked solution are soluble in ethane, propane, and butane at concentra-
tions of 0.25–1 wt% and temperatures of 298–333 K. However, the cross-linked 
solution was slightly hazy due to small droplets of CPE suspended in the solu-
tion. This mixture (phosphate ester + cross-linker) achieved a modest viscosity 
increase in ethane, while greater increases occurred in propane and butane. For 
example, at a concentration of 1 wt% at 333 K and 20.68 MPa, the viscosity of 
ethane increased by a factor of 1.45-fold, and the viscosity of propane and butane 
increased by 2.6- and 3.2-fold, respectively. This mixture cannot form a single 
phase in the NGL components due to the suspension of very small droplets of 
CPE in the solution and because its suitability for injection into porous media is 
limited [88] (Table 2).
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4. Conclusion

Despite of over five decades of extensive work in developing and identifying 
viable gas thickeners for EOR applications such as fluorous and non-fluorous 
polymers, copolymers, and low molecular weight compounds, so far none of these 
materials may be considered effective thickeners for field applications [6]. In fact, 
the design of affordable thickeners for CO2 or HC gases effective at low concentra-
tions (i.e. <1 wt%) is highly challenging due the low solubility of the additives in 
these solvents.

The main conclusions derived from this review are as follows:

• At laboratory scale, the best CO2 thickeners are PDMS, P-1-D, polyFAST, and 
PFOA for CO2 mobility and conformance control. However, the use of these 
materials for field applications is not sustainable due to their elevated manu-
facturing costs, the large concentrations required to ensure technical success, 
and environmental concerns.

• There are several small-molecule compounds that have been identified as 
CO2 thickeners including semi-fluorinated trialkyltin fluorides, fluorinated 
bis-ureas, di-chain perfluorinated sulphosuccinate surfactants, and branched 
benzene trisurea. In general, these compounds are capable of increasing the 
CO2 viscosity between 1.5- and 300-fold at lower temperatures (298–313 K). 
However, most of these materials are fluorinated and can improve the viscos-
ity only at high concentrations (2–10 wt%). In addition, the intermolecular 
associations displayed by these compounds are effective at low temperatures; 
therefore, they cannot be used at typical reservoir conditions due to the dimin-
ishing intermolecular associations at high temperature [2].

• Effective polymer thickeners for NGL components include DRA polymers, 
PDMS, and PAO oligomers. These polymers are much more effective for thick-
ening butane and less effective for propane and ethane. DRA polymers are 
promising thickeners (3–23-fold) at dilute concentrations over temperatures 
of 298–333 K, while PDMS and PAO show moderate viscosity enhancements 
(1.2–5-fold) over the same temperatures. In addition, P-1-D seems to be a suit-
able thickener in an AG mixture at temperatures above 373 K.

• Small-molecule compounds such as TBTF, HAD2EH, and CPE are effective 
thickeners for pure light alkane components at moderate temperatures (313–
333 K). Nevertheless, phase behaviour and environmental issues (fluorine 
content) prevent the use of these materials for EOR applications.
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Chapter 5

Potential of Low-Salinity 
Waterflooding Technology to 
Improve Oil Recovery
Hisham Ben Mahmud, Shattia Arumugam  
and Walid Mahmud

Abstract

Low-salinity waterflooding (LSWF) is a potential new method for enhanced 
oil recovery (EOR) in sandstone and carbonate rock formations. LSWF approach 
has gained an attention in the oil and gas industry due to its potential advantages 
over the conventional waterflooding and other chemical EOR technologies. The 
efficiency of waterflooding process is effected via reservoir and fluid parameters 
such as formation rock type, porosity, permeability, reservoir fluid saturation 
and distribution and optimum time of water injection. Combined effect of these 
factors can define the ultimate recovery of hydrocarbon. The main objective of 
this chapter is to review the mechanism of LSWF technique in improving oil 
recovery and the mechanism under which it operates. Various laboratory studies 
and few field applications of LSWF in recent years have been presented mainly 
at the lab scale. Also it will explore numerical modeling developments of this 
EOR approach.

Keywords: low salinity, enhanced oil recovery, reservoir and fluid properties, LSWF 
modeling development

1. Primary recovery

The hydrocarbon fluid, crude oil, is a naturally occurring non-renewable 
resource, and it is one of the fossil fuels which the world’s economy mostly depends 
on. Crude oil is composed of hydrocarbon deposits and other organic materials 
that can be refined and processed further to produce various chemical products. 
The production process of hydrocarbon fluid is divided into three stages, which 
are, namely, primary, secondary and tertiary recovery. The primary recovery of 
the crude oil is driven via the natural source of energy available in the reservoir 
such as solution gas drive, aquifer drive, gravity drainage, gas cap drive and rock 
and fluid expansion. Moreover, the extracted oil by artificial lift technologies (i.e. 
gas lifts, electrical submersible pump (ESP)) is considered a primary recovery. 
This stage of recovery is very limited to only 5–15% of the original oil in place 
(OOIP) which is produced [1]. When the available natural energy in the reservoir 
decreases overtime resulting in a significant drop of oil production, thus an external 
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energy must be added to the reservoir to maintain the reservoir pressure in order 
to produce additional oil. This stage is called secondary oil recovery, which utilizes 
various mechanisms including gas injection and waterflooding into the reservoir to 
force and displace the remaining residual oil. This process is typically successful in 
producing around 30% of the oil reserves after natural depletion, leaving 50–80% 
of oil still unrecovered [2].

The last stage of hydrocarbon recovery is known as enhanced oil recovery 
(EOR), which uses different practices such as chemical flooding, miscible flood-
ing and thermal methods to extract the hydrocarbon fluid left behind the pri-
mary and secondary recovery. EOR has the capability of increasing oil recovery 
up to 75% of OOIP by improving the mobility of oil via modifying fluid proper-
ties [3]. Some examples of EOR techniques implemented in the oil industry are 
polymer flooding, steam injection, alkaline flooding, in situ combustion and 
modified waterflooding.

2. Secondary recovery using waterflooding

Conventional waterflooding is a secondary oil recovery approach that consists 
of water injection to improve the oil production from the subsurface. It is typically 
performed after the primary recovery which utilizes the natural energy available in 
the reservoir. The main purpose of secondary recovery is to displace hydrocarbons 
towards the production wells while maintaining the reservoir pressure.

The improved oil production using waterflooding was first discovered in early 
1865 following an accidental flooding of water in Pithole City, Pennsylvania. 
This was the result of leaks from surface water and shallow water which entered 
the drilled holes. It is revealed that the oil recovery factor by waterflooding is 
significantly high compared to the natural depletion. The first applied applica-
tion of waterflooding was attempted in Pennsylvania’s Bradford field, in 1924, 
which then grew and was widely applied in many fields in the subsequent 
decades [4]. Following nationwide waterflooding implementation in petroleum 
industry, many attempts were conducted in understanding mechanism, planning 
and optimizing the process. Due to its simplicity and reliability, the waterflood-
ing technique has been worldwide implemented and been considered for most 
of conventional oil reservoirs to extract more hydrocarbon after the primary 
recovery process.

The conventional waterflooding process involves water injection into the 
reservoir formation in which the process is generally done with consideration of the 
economic factors and also based on the water compatibility with the present res-
ervoir brine to avoid formation damage. However, in the early 1990s, a number of 
researchers experimentally investigated the effect of water composition and found 
that it plays a significant role in the oil recovery. After this, the potential of low-
salinity waterflooding (LSWF) in EOR applications was observed and developed by 
Morrow and his coinvestigators [5].

Furthermore, extensive water coreflood experiments have been conducted and 
addressed the benefits of low salinity in the EOR process. Most of these experiment 
results showed that when the injected water salinity is lower than the formation 
water salinity, a higher oil recovery up to 40% is achieved for both secondary and 
tertiary recoveries [6]. However, LSWF has gained vast interest in the petroleum 
industry due to its practical advantages compared to other chemical EOR methods. 
LSWF is an emerging EOR technology, and it has a promising future since half of 
the world’s petroleum originates from sandstone reservoirs.

Next section will cover LSWF process in details.
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tertiary recoveries [6]. However, LSWF has gained vast interest in the petroleum 
industry due to its practical advantages compared to other chemical EOR methods. 
LSWF is an emerging EOR technology, and it has a promising future since half of 
the world’s petroleum originates from sandstone reservoirs.

Next section will cover LSWF process in details.
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3. Enhanced oil recovery using low-salinity waterflooding

3.1 Concept of mobility ratio

As seen earlier waterflooding involves the injection of water into the reservoir is 
by far the most widely utilized solution for improving oil recovery. Practically any 
oil field which does not have an aquifer support will be considered for waterflood-
ing to maintain the reservoir pressure and improve production rate [7]. A reservoir’s 
compliance or suitability for waterflooding to increase oil production can be done 
by evaluating formation and fluid parameters such as formation rock type, porosity, 
permeability, saturation and distribution of reservoir fluids and optimum time of 
water injection [8]. Combined effect of these factors can determine the ultimate 
recovery of hydrocarbon and its economic revenues depicting the viability of carry-
ing out waterflooding for a specific reservoir condition.

The efficiency of a flooding process can be qualitatively evaluated via defining 
the mobility ratio, especially end-point mobility ratio. As the term implies, end-
point mobility ratio is measured at the end-point saturation of a single-phase fluid 
and can be written as shown in Eq. (1).

  M   =      λ  water   _  λ  oil  
     =       k  rw  ⁄ μ  w    _   k  ro  ⁄ μ  o        =      k  rw    μ  o   _  k  ro    μ  w      (1)

where,
M end-point mobility ratio
  λ  water    water mobility (mD)
  λ  oil    oil mobility (mD/cP)
  k  rw    relative permeability of water (mD)
  k  ro    relative permeability to oil (mD)
  μ  o    oil viscosity (cP)
  μ  w    water viscosity (cP)
When the value of end-point mobility ratio is less than one, it indicates that the 

performed flooding is stable, while for a value of more than one, flooding process 
is unstable due to a phenomenon known as ‘viscous fingering’. Considering an 
oil–water system, stable flooding signifies that oil displacement will effectively 
take place if the injected water behaves like a piston and pushes oil to the intended 
point [9]. On the other hand, viscous fingering refers to early and continuous 
breakthrough of injected fluid as a result of large difference in viscosity between 
water and oil phase. A higher value of mobility ratio implies reducing waterflooding 
effectiveness as the volumetric sweep efficiency reduces [10].

3.2 Concept of wettability

In understanding the process of oil recovery, formation wettability knowledge 
is important as it describes the reservoir performance via defining the fluid flow 
and distribution. Being one of the most significant factors of LSWF, it is important 
to comprehend wettability phenomenon appropriately to prevent any incorrect 
assumptions which may lead to permanent formation damage.

Wettability can be defined in a system which consists of two immiscible fluids 
in contact with a solid surface (rock). In the presence of such system, wettability 
can be described as the tendency of one fluid to adhere to the rock surface to be 
in contact with one fluid than the other. In the situation of two-phase immiscible 
fluid, one fluid attaches strongly to the rock surface while displacing the other fluid 
[11]. In reference to wettability concept, fluids can be classified into wetting or 
non-wetting fluid. A wetting fluid balances its forces and adheres to the rock at a 
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specific contact angle, while the non-wetting fluid will have minimal or no contact 
with the rock.

In a reservoir system, when the reservoir fluids present in the porous medium 
are oil and water, wettability can be described as the preference of the rock to be in 
contact with either oil or water or both fluids. In an oil field, reservoir rock wettabil-
ity is typically described as either water-wet or oil-wet. If the reservoir is described 
to be water-wet, it means that the water phase is retained on the pore wall either 
small or large by capillary pressure, while the oil phase occupies the pore space [12]. 
On the other hand, an oil-wet reservoir implies that oil phase is adhered to the rock 
pores, while water phase occupies the centre of pores. There are a number of tech-
niques in which wettability can be quantitatively measured by the determination 
of contact angle, the Amott method and US Bureau of Mines (USBM) method [13]. 
The surface energies of a water, oil and solid system can be expressed by Young’s 
equation; Eq. (2) can be deduced.

   σ  ow   cos θ   =    σ  os   −  σ  ws    (2)

where,
  σ  ow    oil and water interfacial energy (dyne/cm)
  σ  os    oil and solid interfacial energy (dyne/cm)
  σ  ws    water and solid interfacial energy (dyne/cm)
 θ  contact angle (degree)
As a typical practice, the contact angle measurement is performed through the 

aqueous phase, and it identifies wettability as seen in Figure 1. For a reservoir rock 
containing only oil and water, a contact angle of less than 90° indicates that the 
reservoir rock is water-wet, but when the contact angle is more than 90°, it denotes 
the reservoir rock is oil-wet. Moreover, a strong water-wet rock system can present 
when the fluid-rock contact angle approaches to 0°, while a strong oil-wet rock can 
be described when the contact angle approaches to 180° [13]. When both fluids (oil, 
water) are in contact with the rock surface, the reservoir rock can be described to be 
in intermediate/neutral-wet condition.

Figure 1. 
Wettability of the crude oil/brine/rock system [13].
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Wettability could greatly affect the reservoir rock petrophysical properties, for 
instance, residual saturation, capillary pressure, relative permeability and end point 
of relative permeability curves [14]. The crossover point and the relative permeability 
end points of wetting and non-wetting phases are related to wettability as shown in 
Figure 2. For a strong water-wet rock, the relative permeability curves will crossover 
at a wetting phase saturation point of greater than 0.5, while a strong oil-wet rock 
relative permeability curves will crossover at a wetting phase saturation point of 
lesser than 0.5. A crossover point at a saturation of 0.5 and equal end points of relative 
permeability curve imply that the reservoir rock is in neutral-wet condition [16].

The alteration in reservoir rock wettability may possibly occur naturally during 
production, or it can be modified using thermal or chemical method. Initially, 
most of the reservoir formations are in the state of strong water-wet due to the 
deposition process that saturates reservoir completely with water [17]. The migra-
tion of hydrocarbon fluid (especially oil) may cause a change in the rock wettabil-
ity to oil-wet, or the rock may maintain its wettability as water-wet. Mugele et al. 
[18] reported that the rock wettability can be altered to be more water-wet via the 
adsorption of divalent cations, subsequently allowing better mobilization of oil 
for production. In addition, several studies strongly suggest that the adsorption of 
divalent cations such as Ca2+ and Mg2+ changes the initial rock wettability towards 
more water-wet [19]. This is an important observation that describes the LSWF 
mechanism which results in incremental oil recovery and will be deeply discussed 
in the upcoming sections.

3.3 Role of crude oil, brine and reservoir rock on wettability

It is commonly known that oil reservoirs can have various alterations of wet-
tability depending on the oil and rock and also the composition and amount of the 
brine phase. Crude oil/brine/rock (COBR) interactions are utilized to produce wet-
ting conditions in laboratory core samples which are more representative of wetting 
in an oil reservoir than either a strongly oil-wet or water-wet. Anderson [20] stated 
that the original strong water-wetness of most reservoir minerals can be changed 
via the polar compounds adsorption and/or the deposition of organic matter that 
was initially in the crude oil. He also reported the surface-active agents present in 

Figure 2. 
Effect of wettability on relative permeability curve [15].
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the oil that are widely believed to be polar compounds that comprise nitrogen, oxy-
gen and/or sulfur. Such compounds have a polar and a hydrocarbon end. He noted 
that the polar end is adsorbed on the rock surface, exposing the hydrocarbon end 
and making the rock surface more oil-wet. Furthermore, to the oil composition, 
the degree of wetting conditions which is altered by these surfactants can also be 
determined by various factors that are the temperature, pressure, mineral surface 
and brine chemistry, including pH and ionic composition.

Buckley et al. [21] found that some factors are affecting the rock wetting upon 
contact with crude oil, including composition of both the oil and brine, tempera-
ture and duration of aging in oil and initial water saturation. The chemistry of the 
brine phase was noticed to change the rocks wettability, which shown that the brine 
pH is also significant in verification of wettability and other interfacial properties 
of the COBR system. They also indicated that similar factors affect measurements 
of contact angle using asphaltic crude oil and two sodium chloride solutions of 
different pH to alter the wetting of two core formations. They noted in cores that 
there are further complexities in wetting related to rough surfaces, converging and 
diverging pore shapes and heterogeneous mineralogy. Superimposed on all these 
sources of heterogeneity in the porous media is the ability of crude oil components 
to adsorb onto mineral surfaces and change their wetting properties. They sum-
marized that changing pH of aqueous phase affects initial water saturation (Swi) in 
cores with low-ionic-strength NaCl solutions. Moreover, pore coatings may control 
wetting alteration in the porous media thus the COBR interactions are not similar to 
predicted values.

Tang and Morrow [22] performed a study on the effect of salinity and oil 
composition on wettability behaviour and observed that there are some possible 
mechanisms by which COBR interactions control wettability and efficiency of oil 
recovery. They noted that acid–base interactions can define oil-brine and brine-
solid surface charges, and also direct adsorption from crude oil onto a dry surface 
is ascribed to polar interactions. It is noticed that alterations in wettability resulting 
from instability of a water film take place almost instantaneously. Furthermore, 
adsorption by ion binding takes place through attachment of polar components 
in the crude oil to specific surface sites on the solid surface by multivalent ions. 
Surface precipitation is recognized by conditions of poor solvency of asphaltenes 
in the oil phase. They noted that molecular association, including ion binding of 
crude oil components at the interface of oil–water, could promote lateral aggrega-
tion and the formation of an organic mat that may still be largely separated from the 
solid surface by a thin water film. They concluded that wetting variations of a rock 
induced by crude oil are related to changes in solvency of the crude oil with respect 
to its heavy polar components.

Cuiec [23] explained many experimental condition contributions to understand 
oil/rock interactions, which are responsible on the occurrence of oil-wet reservoirs. 
He noticed that some intermediate fractions of crude oil samples might change the 
rocks’ surface properties depending on the type of formation. He also reported 
the role of asphaltenes in crude oil/solid interactions through correct correlation 
between wettability and asphaltene content for a set of reservoirs.

Clementz [24] observed that clay mineral properties are irreversibly altered 
by adsorption of heavy crude ends. Therefore, this alteration causes reduction in 
rock sensitivity to injected fluids since rock wettability is altered from water-wet 
to neutral. He noted further that adsorption of surfactants is decreased, while rock 
property measurements are changed from irreversibly altered cores. The extent of 
this interaction is subjected to the type of clay minerals in the rock, the composi-
tion of heavy crude ends and the interaction environment. He had seen that after 
the adsorption took place, a clay-organic complex is formed which is hydrophobic 
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and very stable. The development of swelling clays is decreased, and clay surface 
area and cation exchange capacity are decreased as well. As a result, he revealed 
that the practical implication of these problems indicates some sort of spotted 
coverage of the surface and leads to discuss the role of an adsorbed layer on the rock 
wettability. The existence of this surface film would certainly affect oil recovery in 
a rock system. He recommended that it cannot be stated a priori that oil recovery 
from the rock having a neutral wettability will be less than that from the water-wet 
system. In addition, he reported that the recovery would most undoubtedly rely 
on the nature of drive fluid and its interaction with reservoir minerals. Finally, he 
concluded that it is very important to identify potential alterations to core proper-
ties, which take place as a result of core handling. The absorbed layer can either 
be formed or damaged, and any rock property measurements, which count on 
the nature of the clay minerals present, would be affected by the existence of the 
adsorbed layer.

Brown and Neustadter [25] studied the wettability performance of oil/water/
silica systems based on contact angle measurements. They reported that the recov-
ery efficiency of crude oil from a porous media using water displacement depends 
on the rock wettability. This conclusion was based on the relative tendency of both 
the aqueous and oil phase to coat the solid surface and, therefore, to occupy the 
rock pores under the action of capillary forces. They also found that the existence 
of monovalent ions can affect wetting conditions by suppressing the charge effects 
with no effect at low concentration of NaCl and behave differently at high con-
centration and extremes of pH. By contrast to the effect of monovalent ions, they 
have seen that the seawater can provide a strongly oil-wetted surface, independent 
of pH, even when it is diluted with distilled water. Furthermore, they noticed the 
same performance with synthetic seawater that was applied to determine if the 
original seawater can affect the wettability by reason of its protein or other nonsalt 
components. The results obtained with NaCl were as expected considering the 
charge interaction model, but using seawater indicated that divalent ions had a 
very noticeable effect. In addition, they conducted a study to examine the effect of 
divalent ions and observed that there are specific interactions between different oil 
crude samples and the divalent ions can take place. They suggested that alterations 
in wettability are not contributed to general electrical double-layer compression 
at low electrolyte concentrations. They also observed that divalent ions can create 
bridges between specific petroleum crude surfactant species and the silica surface. 
In conclusion, for systems of crude oil/silica/distilled water, the wettability strongly 
depends on pH due to activation of the crude oil surfactants by the aqueous phase. 
When pH value is high, the water film can stabilize between the oil film and the 
silica surface by charge repulsion, while at low pH values, charge attraction between 
the positively charged crude oil surfactants and the negative rock surface promotes 
wetting oil surface. Moreover, crude oil/rock systems, which are preferentially 
oil-wet, show large hysteresis between the advancing and receding angles. Due to 
the low solubility of the crude oil surfactants in the aqueous phase, the crude oil has 
to adhere to the surface before the surfactants, which promote oil wettability, can be 
adsorbed.

3.4 Low-salinity enhanced oil recovery

The recovery of hydrocarbon fluid from subsurface formations is a complex 
process that associates multiple length scales. In typical water flooding process, 
seawater is injected on a macroscopic scale into the reservoir formation which 
carries hydrocarbon fluid (oil) to sweep the oil away from injection wells towards 
production wells. On the microscopic scale, the injected water displaces the oil in 
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the porous reservoir formation in a typical microfluidic two-phase flow of water 
and oil. Due to the large ratio of surface-to-volume, the efficiency of this process 
of microfluidic is strongly influenced by the surrounding porous rock matrix 
wettability. The rock formation ingredient, typically sandstone or limestone, is 
made of naturally hydrophilic material. Throughout millions of years of exposure 
to petroleum fluid, a layer of organic material adsorbed onto the surfaces and thus 
rendered the rock more hydrophobic. These molecular scale adsorption develop-
ments (as seen in Figure 3) thereby impede the oil displacement via water phase in 
the hydrophobized rock pores. This is understood to be one of the major causes why 
the secondary oil recovery is a rather inefficient process that leaves more than 50% 
of the oil unrecovered in the reservoir [26].

Since the 1970s, oil operator companies have examined several techniques to 
improve the low recovery rate by injecting various additives combined with the 
water aqueous phase. More recently, it was found that the recovery rate can be 
improved by desalinating the seawater before injecting it into the reservoir. The fol-
lowing sections will explore experiment and numerical developments of low water 
salinity approach.

3.5 Experimental observation of low salinity

Upon the observation that the injection of freshwater in sandstone reservoirs 
reduces the oil recovery due to clay swelling, extensive laboratory researches were 
conducted in the 1940s to evaluate the influence of fluid’s physical and chemical 
properties on oil recovery [27]. Reiter [28] observed that low-salinity waterflooding 
obtained an additional oil recovery of 21.3% more than higher-saline floods con-
ducted on Nacatoch sandstone cores. Further investigation by [29] on the effect of 
salt water on oil recovery containing clays concluded that the pressure drop across 
cores and oil recovery increased as the concentration of salt-in injection water 
decreased.

The true EOR potential of LSWF was recognized by Morrow and his experi-
mental co-workers from the studies conducted on the effect of wettability on oil 
recovery via waterflooding [30]. They confirmed that the composition of injection 

Figure 3. 
Molecular scale adsorption processes [26].
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brine affects oil recovery, but the amount of recovery depends on the conditions 
of crude oil, injection brine and reservoir rock. Further investigation by [30] on 
LSWF observed that the oil recovery obtained from conventional water flooding 
with high-salinity brine was similar to that of LSWF when initial formation water 
saturation was zero. It was concluded that the positive effects of low salinity could 
only be obtained with the existence of connate water, and the salinity of connate 
water plays a significant role in the amount of oil recovery. It was observed from the 
experiment that additional oil recovery could be achieved when the injection water 
salinity is relatively lower than formation water salinity.

However, this was not observed in all the studies conducted on the effect of 
brine composition on oil recovery. Zhang [31] presented their report showing that 
the injection of low-salinity brine on Berea sandstone resulted in lower recovery 
than that of high-salinity waterflooding, although more cases showed better 
recovery with the application of low-saline brine injection. The salinity level of 
1500 ppm NaCl showed higher oil recovery, while the injection of 8000 ppm had 
zero effect although both the salinity levels were below the connate water salinity. 
Nevertheless, in most of the published cases, LSWF showed positive benefits on oil 
recovery in sandstones.

Based on practices in the laboratory, Jerauld et al. [32] proposed that brine 
composed of 10–25% of connate water or salinity of 1000 to 2000 ppm will be an 
appropriate estimation in determining the composition of injection brine. A total of 
214 and 188 laboratory scale studies conducted in the secondary mode and tertiary 
mode, respectively, which confirmed the positive effect as an increment of 5–20% 
in oil recovery was observed [33]. The application of LSWF evaluated in West 
Salym field, Russia, through coreflood tests on sandstone cores resulted in elevated 
oil recovery of 4% OOIP and 1.7% OOIP in the tertiary mode [34]. A summary of 
experimental research that has been conducted to study the benefits of LSWF in 
improving oil recovery is shown in Table 1.

Reference Rock type Injected 
water salinity 

(ppm)

Formation 
water salinity 

(ppm)

Mode of 
injection

Incremental 
oil recovery 

achieved (%)

[35] Sandstone 1480 SW
1500 NaCl

29,690 FW Secondary 29

Tertiary 7–14

[36] Sandstone 50–5500 SW 22,000 SW Secondary 14–28

[37] Berea 
sandstone

10,000 NaCl 40,000 NaCl Secondary 5–6

Tertiary 25–35

[38] Berea and field 
sandstone

870–1140 SW 30,510 SW Secondary 15

Tertiary 0

[39] Berea and field 
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1% FW FW Secondary 10–22

Tertiary 2–6
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Note: SC, standard conditions of temperature (60°F) and pressure (1 atm); RC, reservoir condition of temperature 
and pressure; SW, seawater; FW, formation water.

Table 1. 
Summary of laboratory experimental observation on low-salinity waterflooding.



Enhanced Oil Recovery Processes - New Technologies

102

3.6 Proposed mechanism of low-salinity waterflooding

3.6.1 Fine migration

Clay is subjected to swelling when it is exposed to freshwater. Early studies 
conducted in understanding the mechanisms of low-salinity water injection are 
associated with clay swellings and fine migration. According to Sheng [41], fine 
mobilization takes place when the strength of ions in injected brine is lower than 
the concentration of critical aggregate lump. Divalent cations play a major role in 
determining the critical flocculation concentration. These cations stabilize clay by 
reducing the zeta potential and repulsive force. The injection of solution with a low-
saline concentration destabilizes and disperses clay from the wall of pores causing 
it to flow with water. Clay that flows in water tends to stick on the surface of small 
pores resulting in the reduction of permeability. This phenomenon increases the 
sweep efficiency as water is forced to flow on new paths.

Jackson et al. [42] reported similar mechanism stating that low-salinity effect 
arises from the removal of mixed-wet fines from the surface of formation and 
accumulation of oil-wet fines at the oil–water interface. This increases oil recovery 
as it stimulates the mobilization of oil and changes the wettability of the formation 
towards more water-wet by exposing the water-wet surfaces beneath the stripped 
fines as denoted by Figures 4–6.

Based on their experimental studies, Tang and Morrow [43] reported that incre-
mental oil recovery obtained through LSWF was due to fine mobilization especially 
kaolinite. The conclusion was made upon their observation that unfired Berea 
sandstone showed improvement on oil recovery during low-saline brine injection, 
while acidized Berea core did not show any improvements. It was also observed in 
their research that the increase in oil recovery was more significant for sandstones 
containing clays than clean core samples.

However, numerous LSWF carried out by British Petroleum (BP) on cores under 
reduced and reservoir condition in sandstones did not indicate any fine mobiliza-
tion despite the increment in oil recovery [32]. Zeinijah et al. [44] reported that 
minimal to zero amount of clay production was observed during their experiment 
of flooding cores with low-saline brine. The variation in the composition of injected 
brine, minerals and lithology might be the reason for the conflicting findings.

3.6.2 Increase in pH and reduction in interfacial tension

Mcguire et al. [45] suggested that similar to the mechanism of alkaline flooding, 
increase in the pH value and reduction in interfacial tension (IFT) could be one of 
the LSWF mechanisms. The exchange of adsorbed sodium ions with hydrogen ions 
in water results in elevation of pH. Various experiments conducted by researches 
indicated an increase in pH value of about pH 2 to pH 4 upon the injection of 
low-saline brine. In situ surfactant that lowers oil or water IFT is produced when 
organic acids in the crude oil react under high-pH conditions [46]. The formation 
of surfactants and reduction of IFT forms either oil–water emulsion or water–oil 
emulsions which results in the improvement of water sweep efficiency [33].

However, in several cases, in the injection of low-saline water, the pH value was 
lower than 7, and in some cases pH remains unchanged. Zhang et al. [31] reported 
that no obvious relationship was observed between effluent pH and oil recovery, 
and only slight change in pH was observed during low-salinity injection. The mea-
sured IFT value was above 10 mN/m with pH less than 9 during the course of LSWF 
which was concluded to be very low to reduce residual oil saturation.
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Figure 4. 
Formation of mixed-wet fines due to adsorption of polar components from crude oil [42].

Figure 5. 
Stripping of mixed-wet fines from pores during waterflooding [42].

Figure 6. 
Mobilization of trapped oil [42].
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A chemical mechanism proposed by Austad [46] signifies the role of clay at low 
pH values. Thermodynamic chemical equilibrium that initially exists at reservoir 
condition at low pH increases the adsorption of anions and cations onto the clay 
surface. The injection of low-salinity brine disturbs this chemical equilibrium caus-
ing reaction between rock and brine to occur especially during the presence of Ca2+ 
ions. Compensating for the loss of cation into the low-saline water, H+ ions reacts 
and increases the pH near to the clay surface. Thus, an increase in pH is introduced 
by the tendency of low-salinity brine in changing the chemical structures initially 
present.

3.6.3 Multicomponent ion exchange

Multicomponent ion exchange (MIE) mechanism describes the alteration in 
the wettability of reservoir rock towards more water-wet due to the release of 
oil particles from the clay surfaces. Low-salinity water expands the double layer 
and eases the process of desorption of divalent ion on oil bearing to take place. 
Divalent cations such as Ca2+ and Mg2+ from the injected low-salinity brine control 
this process that results in ion exchange [17]. The requirements of this process are 
the presence of negatively charged surface on the rock, polar components on oil 
phase and divalent cations in the injection brine. MIE takes places during LSWF by 
removing organometallic complexes and polar compound from the clay surface and 
substituting them with noncomplex cations.

This theory was supported by experimental work carried out by Lager et al. [30] 
on core samples from North Slope composed of dead crude oil and initial connate 
water. Initially, the experiment was conducted at a temperature of 25°C, flooding 
the core with high-salinity brine followed by tertiary low-salinity flood, resulting 
in oil recovery of 42% OOIP for conventional high-salinity waterflooding and 48% 
OOIP for LSWF. A second experiment was run at 102°C, flooding the core samples 
with high-salinity water, and it resulted in an oil recovery of 35% OOIP. Divalent 
cations were removed from the cores by flushing it with brine containing high 
concentration of NaCl. The initial water saturation and oil condition were restored, 
and a high-salinity waterflood without the presence of divalent cations in the cores 
resulted in 48% OOIP, while no additional oil recovery was observed during LSWF.

From the experiment, it was concluded that the injection of low-salinity water 
into a sandstone reservoir in which mineral structure are not present will not result 
in incremental oil recovery. The findings also explained the reason why LSWF has 
no positive effect on acidized or fired sandstone as observed by Tang and Morrow 
[43] in their research. This was due to the absence of polar compounds that did not 
promote the interaction of clay minerals to release oil particles.

3.6.4 Limited release of mixed-wet particles

Limited release of mixed-wet particles is a combined mechanism of fine migra-
tions proposed by Tang and Morrow [43] with DLVO theory. The name of DLVO 
theory originated upon the proposal of the theory by Derjaguin, Landau, Verwey 
and Overbeek. As explained by previous mechanisms, it is known that crude oil 
is originally bonded with clays which are attached on the pore surface. Due to the 
introduction of reduction in the salinity upon low-salinity water injection, the 
likelihood of these fines to be detached increases as the electrical double layer in 
the aqueous phase between is expanded. The migration and aggregation of stripped 
fines result in oil coalescing [38]. Oil recovery is enhanced due to the limited elimi-
nation of mixed-wet particles from the wall of pores because of local heterogeneous 
wetting conditions.
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3.6.5 Wettability alteration

The alteration of the wettability of the reservoir is considered the primary 
mechanism of LSWF that results in incremental oil recovery. Previously explained 
mechanism such as fine migration, increase in pH and decrease in IFT, multi-
component ion exchange and salt-in effect were related to the alteration of initial 
wettability of reservoir towards more water-wet. Suijkerbuijk et al. [34] related the 
changes in wettability in sandstone rocks with the presence of clays, composition of 
oil and high divalent cation concentration in formation water. The requirements for 
the positive effect of LSWF to take place were that the injection water also should 
contain divalent cations with the injection water salinity to be relatively lower than 
the salinity of formation water.

During low-salinity water injection into sandstone core, the mechanism of 
wettability alteration reported were similar to the process that occurred during 
alkaline flooding and surfactant flooding. The conducted experiment indicated 
an increase in pH value up to 10 that resulted in the generation of surfactant. This 
lowers the IFT between the water phase and the oil phase, thus increasing the 
water wettability promoting higher oil recovery [47]. Similar reaction mechanism 
occurred during the salting-in phenomenon with the decreasing salinity of injec-
tion brine.

The investigation of the effect of type of cation and its concentration in the 
injection water conducted by a researcher on the oil recovery of Berea sandstone 
concluded that wettability alteration was the main mechanism resulting in improve-
ment in oil recovery [48]. The changes in the electrical charge upon LSWF in both 
the brine/oil and brine/rock interfaces to be more negative promote further stability 
of water film and result in water-wet state in the reservoir.

Moreover, several experiments conducted indicated that the contact angle 
between the oil and rock surfaces increases as the temperature and pressure 
increase and decrease with decreasing injection water salinity. As reported by 
Nasralla et al. [49], this observation was also supported by the increase in oil 
relative permeability end point and decrease in water relative permeability  
end point.

The low-salinity water flooding is an attractive eco-friendly and a promising 
technique for oil recovery in sandstone reservoirs in recent years. It can change 
the ion composition or brine salinity for improving oil recovery. However, the 
optimum conditions that improve oil recovery by low-salinity flooding are 
related to the understanding of fluid–rock interaction mechanisms. Low-salinity 
waterflooding might be effectively considered in special conditions for improving 
hydrocarbon recovery when the following factors are met: clay should be present 
in the sandstones, polar components (acidic and/or basic material) also should be 
present in crude oil, and formation water should contain divalent ions like Ca2+ 
[43, 50].

3.7 Aspects of modeling and simulation on low-salinity waterflooding

One of the earliest developments of the model to conduct studies on LSWF was 
accomplished by Jerauld et al. [32] through the modification of Buckley and Leveret 
conventional waterflooding model. In their model, the salinity of injection brine 
was made as a function of relative permeability and capillary pressure. The model 
built also includes the effects of secondary drainage water, relative permeability and 
hysteresis between imbibition and connate water. A similar LSWF model for sand-
stone and fractured media was presented by Wu and Bai [51] mathematically and 
numerically using MSFLOW general simulator. Results generated on the alteration 
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of both models matched the experimental results, confirming the incremental oil 
recovery obtained via LSWF.

A semi-quantitative model developed by Sorbie [52] based on pore-scale 
theoretical considerations describes the multicomponent ion exchange mecha-
nism of LSWF. This model was built with the purpose of demonstrating the 
effects of electrical double-layer expansion and polar organic species adsorption 
on the wettability alteration. Nevertheless, the predictions of the model were not 
convincing, and it was concluded that further experimental studies are required 
to validate it.

Omekeh [40] presented a mathematical model based on ion exchange and min-
eral dissolution and precipitation in LSWF. The model considered two-phase flow 
of oil and brine. From the research conducted, it was also demonstrated that the 
presence carbonate minerals may reduce the positive impact of LSWF in improv-
ing oil recovery. It was also proposed that cations are involved in an ion exchange 
process with the negatively charged clay surface and the release of cations from the 
surface of the rock increases relative permeability and mobility of oil. Desorption of 
divalent ions was suggested to be the main mechanism of LSWF. However, accord-
ing to Suijkerbuijk [34], the proposed theory from the model contradicts with the 
experimental studies conducted on the mechanism of LSWF. Adsorption of diva-
lent ions on the clay minerals was reported to be the process that alters wettability 
resulting in LSWF benefits.

Recently, a systematic study of LSWF mechanism and its potential in improving 
oil recovery was presented by Dang et al. [52] using a mechanistic model that was 
developed using Computer Modeling Group’s GEM™ reservoir simulator validated 
against PHREEQC geochemistry software and few other experimental coreflood-
ing tests. In this model, the role played by clay was captured in investigating the 
geological effects in the process of LSWF, and the field-scale benefits of LSWF in 
both secondary and tertiary injection modes were proven. Changes in wettability 
condition due to ion exchange and clay effects were proposed to be the primary 
mechanism of LSWF, and nominal optimization of the process was presented in 
this research. Table 2 summarizes past modeling and simulation studies that were 
conducted to understand the process of LSWF.

Author Software used Research scope

[32] Buckley and Leveret model Effect of injection water salinity on relative 
permeability and capillary pressure

[47] PHREEQC geochemical software Changes in pH of reservoir during LSWF

[51] Buckley and Leveret model Relationship between injection salinity 
concentration and wettability alteration

[52] PHREEQC geochemical software Description of the multicomponent ion 
exchange process at the pore scale

[40] Mathematical and salt reaction model Modeling of ion exchange and mineral 
solubility in LSWF

[53] IPHREEQC geochemical module coupled 
with UTCHEM chemical flooding reservoir 
simulator

Multicomponent ion exchange mechanism 
and effect on LSWF

[54] PHREEQC geochemistry software coupled 
with CMG’s GEM

Investigation on effect of clays and ion 
exchange process on LSWF and process 
optimization

Table 2. 
Summary of previous modeling and simulation studies related to low-salinity waterflooding.
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4. Conclusion

The evaluation on the prominent ideas and aspects of LSWF were presented 
in this paper mainly focusing on sandstone reservoir. Different characteristics of 
LSWF have been thoroughly reviewed including the industrial application, field 
studies, mechanisms, laboratory and modeling works that have been conducted. 
Based on previous reports, LSWF has a beneficial effect on oil recovery in both 
laboratory and field-scale studies. The mechanisms that resulted in incremental oil 
recovery compared to standard high-salinity waterflooding that have been proposed 
by several researches over the years are fine migration, increase in pH and reduction 
in IFT, multicomponent ion exchange, limited release of mixed-wet particles and 
wettability alteration. Some of these mechanisms are related to each other with the 
main process being wettability alteration.

It can be deduced that there is no general agreement regarding which mechanism 
results in incremental oil recovery, and these mechanisms work under a specific 
condition during low-salinity water injection. The magnitude of incremental oil 
recovery obtained via LSWF is highly dependent on the reservoir condition as the 
working mechanism directly relates to the specifics of the reservoir because the wet-
tability can be changed from oil-wet to water-wet or from water-wet to mixed-wet. 
Although in either way oil recovery factor could be improved, the magnitude of oil 
recovery may vastly vary. Another fact is that generally LSWF is used together with 
chemical flooding. LSWF is largely environmentally friendly compared to chemi-
cal methods and has higher oil recovery benefits than conventional waterflooding 
method. However, considering the incremental oil recovery from chemical EOR 
projects, the incremental oil recovery from LSWF alone should not be too high.
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Chapter 6

Development and Application of 
Chemical EOR Technologies in 
China Offshore Oil Fields
Jian Zhang, Fengjiu Zhang, Xiaodong Kang and Baozhen Li

Abstract

At present, polymer flooding as the most effective chemical EOR technique is 
widely used in onshore oil fields in the world. Also, it has been successfully applied 
in China offshore oil fields as a major EOR technology. CNOOC has preliminarily 
established a chemical flooding (polymer, polymer-surfactant, weak gel, etc.) 
technology system including high-efficiency chemical flooding agents, platform 
injection facilities, and produced liquid treatment technology. Since 2003, pilot 
tests and field applications were carried out in S, L, and JW oil fields, and predicted 
oil increment and good economic benefits have been achieved, which proved that 
offshore chemical EOR technology is feasible and economical. It has explored a new 
road for increasing the recovery of offshore oil fields and provided a solid technical 
guarantee for their economic and efficient development.

Keywords: offshore oil field, chemical flooding, EOR, review

1. Introduction

By the end of December 2017, China’s offshore oil production accounted for 
22.3% of the national oil production [1–4]. The average offshore field water cut 
of oil fields was 86.6%, with relatively low oil recovery rate, only 21.1%. Bohai oil 
field is the largest offshore oil field in China. In 2010, its oil and gas output reached 
30 million square meters, accounting for about 15% of the national total, which 
played an important role in stabilizing the energy supply in eastern China. Heavy 
oil accounts for 85% of the oil reserves in Bohai oil field, and the main development 
bottlenecks of these heavy oil fields are high crude oil viscosity, strong reservoir 
heterogeneity, and poor water drive efficiency. In particular, the viscosity of under-
ground crude oil in some heavy oil reservoirs reaches 200–700 mPa s, and their 
recovery factor from traditional water flooding could only reach about 12% [5–9]. It 
could be seen that the research and application of enhanced oil recovery technology 
in offshore heavy oil reservoirs are of great significance for the stable production 
and economic efficient development of Bohai oil field.

2. The technical challenges of offshore chemical flooding

Chemical flooding has been successfully carried out in onshore oil fields in China 
for nearly 30 years. The implementation of traditional polymer flooding technology 
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requires a large amount of freshwater supply, large injection allocation equipment, 
good reservoir conditions, and loose environmental requirements. It is difficult 
to meet these requirements in offshore oil fields. To realize the field application of 
polymer flooding technology, there are several challenges to overcome to conduct 
offshore chemical EOR projects:

1. Lack of fresh water on offshore platforms. It is almost impossible to use fresh 
water to prepare polymer for offshore polymer flooding. Only seawater (salin-
ity 32,000–35,000 mg/L) or formation water could be considered.

2. Narrow space of offshore platform. The equipment for polymer solution pre-
paring and injection is required to be compact, flexible, and more efficient. At 
the same time, the polymer is required to have excellent and efficient viscosity 
properties, including temperature and salt resistance and instant solubility 
characteristic.

3. The reservoir conditions are complex. For example, most Bohai oil fields have 
many high-permeability heterogeneous layers, high-salinity formation water, 
and high-viscosity crude oil.

4. Large well space. Most offshore oil fields were developed with large well space 
(350–600 m) and anti-nine-spot well pattern.

5. Environmental requirements for offshore oil field development are high. It 
is difficult for produced fluid from polymer flooding to meet standards in 
the last treatment on the platform, which will have a great impact on water 
reinjection.

6. There is a big difference between offshore oil field and onshore ones in develop-
ment model and polymer injection timing, so it is necessary to establish evalua-
tion methods and standard for offshore polymer flooding performance [5–9].

3. Research and development of offshore chemical EOR techniques

It could be seen that the research and application of enhanced oil recovery 
technology in offshore heavy oil reservoirs are of great significance for stale produc-
tion and economic and efficient development of Bohai oil field. Based on about 
20 years of research offshore chemical EOR techniques, a series of resolutions and 
techniques were developed including high-efficiency driving agents, platform poly-
mer injection distribution technology, produced fluid treatment technology, and 
performance evaluation method for early-stage polymer flooding. These techniques 
had been carried out in S, L, and JW oil fields. The water cut was controlled at a low 
level, and the incremental oil was obviously enhanced.

3.1 Development and application of novel salt-resistant polymers

Bohai oil field has the characteristics of high crude oil viscosity, large well 
spacing, high water salinity, and limited platform space. Thus, the suitable polymer 
agent should have high-viscosity property, good salt tolerance, aging stability, and 
fast-dissolution ability. In order to expand polymer injection scale, two kinds of 
salt-resistant polymer were investigated and applied in Bohai Bay.
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reinjection.

6. There is a big difference between offshore oil field and onshore ones in develop-
ment model and polymer injection timing, so it is necessary to establish evalua-
tion methods and standard for offshore polymer flooding performance [5–9].

3. Research and development of offshore chemical EOR techniques

It could be seen that the research and application of enhanced oil recovery 
technology in offshore heavy oil reservoirs are of great significance for stale produc-
tion and economic and efficient development of Bohai oil field. Based on about 
20 years of research offshore chemical EOR techniques, a series of resolutions and 
techniques were developed including high-efficiency driving agents, platform poly-
mer injection distribution technology, produced fluid treatment technology, and 
performance evaluation method for early-stage polymer flooding. These techniques 
had been carried out in S, L, and JW oil fields. The water cut was controlled at a low 
level, and the incremental oil was obviously enhanced.

3.1 Development and application of novel salt-resistant polymers

Bohai oil field has the characteristics of high crude oil viscosity, large well 
spacing, high water salinity, and limited platform space. Thus, the suitable polymer 
agent should have high-viscosity property, good salt tolerance, aging stability, and 
fast-dissolution ability. In order to expand polymer injection scale, two kinds of 
salt-resistant polymer were investigated and applied in Bohai Bay.
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3.1.1 Hydrophobic associated polymer

With reference to the research of hydrophobic acrylamide polymers and the litera-
ture on the synthesis of ultrahigh-molecular-weight hydrolyzed polyacrylamide, a new 
kind of polymer was designed with branched structure and hydrophobic associative 
units with micro-blocks (Figure 1). Meanwhile, a high-molecular-weight hydrophobic 
associative polymer industrial synthesis technology and polymer fast-dissolution 
technology was developed which could meet the requirements of large-scale applica-
tion of high-efficiency offshore EOR technology [10, 11]. Under above conditions, the 
viscosity of hydrophobic associated polymer is 3–5 times that of ultrahigh-molecular-
weight HPAM, the hard water resistance is increased by three times, the shear and 
aging retention rate are increased by 1.6 times, the residual resistance coefficient are 
increased by 2–3 times, and the dissolution time is shortened to 40 min.

Hydrophobic associated polymer has been applied in Bohai oil field since 
September 2003 and has achieved significant oil and precipitation effects [7–10].

3.1.2 Structural composite polymer

The performance of polymer depends on the molecular structure. Structural 
composite polymer is a kind of polymer with high sterically hindered side group 
on its skeleton, which exhibits relative rigidity in the solution, and the polymer 
molecule is strengthened under relatively harsh conditions by increasing the 
kinetic radius. Also a functional monomer which adjusts the amphiphilic nature 
of the polymer molecule is introduced into the molecular structure of the polymer 
to improve the solubility of the polymer. Structurally, polymer molecules contain 
diversified and multifunctional monomers, hence the name structural composite 
polymers (Figure 2). By adjusting the type and proportion of functional monomers, 
the salt and temperature resistance ability of polymers was improved. The polymer 
at lower concentrations could significantly reduce the viscosity of the heavy oil and 
significantly improves the fluidity of the heavy oil [12–14]. Above polymer had been 
injected in several pilot wells in Bohai oil field since December 2018.

3.2 Chemical flooding injection system on offshore platform

In order to promote the application of polymer flooding technology in offshore 
oil fields, it was necessary to combine the special conditions of offshore platforms 
to break through the bottleneck limitation of the huge polymer dispensing system 

Figure 1. 
Schematic of hydrophobic associated polymer.
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and achieve miniaturization, high efficiency, and modularization of the polymer 
injection system [15, 16]. The offshore polymer dispensing equipment included four 
systems: the dispersing and dissolving system, the curing system, the high-pressure 
injection system, and the control system (Figure 3). Each system was independent 
and convenient to install according to the site conditions.

Dispersing and dissolving system was the core of the rapid dissolving device. 
According to their viscoelastic characteristics, swelling polymer micelles were 
stretched during going through the gaps of the stator and rotor by using moderate 
stretching method. More water molecules permeate into the inside of the polymer 
micelle. At the same time, polymer molecules at the micelle’s surface are stretching 
down into the water. Curing system achieved the full dissolution and ripening of 
the polymer solution. The size was dependent on the injection volume and curing 

Figure 2. 
Schematic of structural composite polymer.

Figure 3. 
The process of offshore platform injection system.
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time of the polymer solution. In order to ensure fully dissolution, the interior of the 
curing tank was optimized. The curing tank was separated into the inlet chamber, 
ripening chamber, and outlet chamber through a choke plate [15].

High-pressure injection system was applied to achieve the flow distribution 
and pressurization of the polymer mother liquor. The polymer mother liquor is dis-
tributed by a flow distributor for each well and then pressurized by a high-pressure 
injection pump.

Control system was applied to achieve automatic control of the entire polymer 
dispensing system, automatic data acquisition, and variable frequency control 
equipment for power equipment.

The online polymer dissolving technology was combined with technologies of 
polymer powder transmission by positive pressure gas, multistage polymer disper-
sion and stretching, graded maturation, and high efficient mixing, as the polymer 
dissolving time shortened to 40 min with high-viscosity retention rate (91%). Under 
same injection amount, area was saved by 21%, and weight was reduced by 37%. The 
improved facility has operated steadily in Bohai oil field for 2 and a half years.

3.3 Reservoir dynamic analysis method for offshore chemical flooding fields

The reservoir dynamic analysis method for polymer flooding in onshore oil 
fields is mature where the polymer injection is started when water cut is over 80%. 
However, in some offshore field, polymer injection was conducted at very low water 
cut (even <20% in some case) for the limited life of platform [6–8, 16]. The tradi-
tional polymer flooding evaluation method is not applicable in offshore early-stage 
polymer flooding projects for their short water flooding period, and the effectiveness 
of injection and the calculation method of incremental oil are not applicable. Based 
on the power law fluid’s stable flow in pore media, considering non-Newtonian and 
multilayer heterogeneity of polymer solution, a Hall curve evaluation method of 
early polymer flooding is established. The principle is to use pressure and injection 
data to draw improved Hall curve of polymer flooding in linear form.

From Figure 4, it could be seen that, unlike the traditional Hall curve of polymer 
flooding, the slopes and intercepts of the improved Hall curve could be used to directly 
calculate the fluidity and resistance coefficients during polymer flooding, thus solving 
the reservoir dynamic analysis problem in early-stage polymer injection projects.

Figure 4. 
Schematic diagram of calculation for resistance coefficient and residual resistance coefficient.
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3.4  Treatment technology of chemical flooding produced fluid in offshore 
platform

Partially hydrolyzed polyacrylamides with high molecular weight (HPAM), 
after undergoing a series of chemical, mechanical, and thermal degradations, 
are back produced, making the oil-water interface highly electronegative and 
forming a strong electrical double layer. The repulsive force between oil droplets 
affects their aggregation and coalescence, and at the same time, the adsorbed 
polymers also increase the strength and viscoelasticity of the oil-water interface 
film. As a result, the emulsified oil droplets are of small particle size and strong 
stability. Therefore, the oil-water separation of produced fluid from polymer 
flooding is more difficult than that from water flooding. Hence, devices with 
much longer residence time and several times larger size are required for pro-
duced water treatment [17, 18].

However, platform space is limited for offshore oil fields; the abovemen-
tioned practice cannot be implemented. At present, the treatment process of 
polymer-containing produced fluid in Bohai oil fields is a so-called three-stage 
treatment process similar to that of water flooding. For example, the compre-
hensive water content of the produced fluid is 78% in Bohai A oil fields, and the 
average polymer concentration is 150 mg/L. The oil treatment system includes 
a one-stage three-phase separator, a two-stage thermal settling separator, and a 
conventional electric dehydrator (Figure 5). The wastewater treatment system 
mainly includes a tilted plate separator, a gas flotation unit (GFU), a walnut 
shell filter, and a residue conversion system. The abovementioned process rep-
resents the traditional process of produced fluid treatment for water flooding 
oil fields. For different polymer flooding oilfields, the original water flooding 
process have different complexity and methods for adaptive modification for 
polymer flooding projects.

Figure 5. 
Treatment process of produced fluid in Bohai A oil field.
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4. Field application of offshore chemical EOR technology

In order to improve the development effect of offshore oil field during the effective 
period of platform, offshore chemical flooding was carried out in three Bohai oil fields 
since 2003 (Table 1), and good economic benefits have been achieved [6, 7, 19–25].

4.1 Polymer flooding in S field

S oil field is located at the coast of Liaodong, Bohai Bay, with stable distribution 
and good connectivity. Its reservoir rocks are feldspathic quartz sand composed 
mainly of fine sands. The crude oil in S oil field is highly viscous, varying from 13 
to 380 mPa s, with an average of 70 mPa s at reservoir conditions. It was put into 
operation since 1993 with inversed 9-point well pattern. From the very beginning, 
the enhanced oil recovery technologies were taken into consideration, and polymer 
flooding showed great potential among these technologies. Since September 2003, 
the first single-well polymer injection pilot in China offshore field was successfully 
carried out in S field [19–21]. In October 2005, the well group polymer injection was 
carried out in AJ platform in S oil field, which consisted of four injectors and one 
central producer and seven peripheral producers. After 3 years of well group test, the 
expected incremental oil was obtained. Based on the well group polymer injection 
test result in S field, the expanded polymer injection project was implemented in 
mid-2008. Up to 2014, 24 wells were successively converted to polymer injectors, and 
significant incremental oil was achieved (Figure 6). By the end of 2017, 4.75 million 
cubic meters of cumulative oil were achieved, increasing recovery rate by 5.2%.

4.2 Chemical flooding in L field

L oil field is located in Bohai Bay, characterized by huge thickness, high perme-
ability, severe heterogeneity, high crude oil density (0.947 g/cm3), and medium 
oil viscosity (7.2–19.4 cp). L oil field was put into production in January of 2005 
and started to inject water in September of 2005. Based on well understanding 
of the mechanism and effect of the early polymer flooding, single-well polymer 

Table 1. 
Comparison of the three offshore chemical flooding fields with Daqing Field.
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Figure 7. 
Water cut curves under water flooding, chemical flooding, and actual situation.

injection pilot test was carried out since 2006 when the water cut in the pattern was 
lower than 10% [22–24]. After that, another five water injectors were converted 
to polymer injectors from 2007 to 2009. For the early-stage polymer flooding, the 
characteristics of the responses on producers were different from the case in which 
polymer flooding was conducted during high water cut stage. The water production 
of the producers continued to rise up after polymer flooding, but the simulation 
research showed that the water cut increasing rate was lower than the rate during 
water flooding. Of course, water cut drop was observed in some wells (Figure 7). 
By December 2014, the total incremental oil by polymer flooding was about 
754,650 m3, and the stage oil recovery was enhanced by 3.0%. The polymer flooding 
is still effective, and more incremental oil will be obtained later.

4.3 Chemical flooding in JW field

The water depth of W oil field is from 6.5 to 10.5 m; the reservoir depth is 1600–
1800 m with banded fault anticline structural form and 25 m average effective thick-
ness. This reservoir has normal temperature and pressure system containing oil with 

Figure 6. 
Field production curves in S field.
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underground density of 0.87 g/cm3 and reservoir viscosity of 16–26 mPa s. The forma-
tion porosity is from 22 to 36% and permeability from 0.01 to 5 μm2. There are many 
sub-reservoirs in the upper part of this oil field, with large permeability difference and 
serious heterogeneity [25, 26]. W oil field was put into production since 1999 with anti-
nine-spot well pattern and 350–400 m well space. Water flooding began in December 
2000. This oil field was considered as the best candidate for polymer flooding which has 
the lowest water salinity and medium oil viscosity in Bohai Bay. In order to improve the 
efficiency of water flooding and reduce the decline rate of production, eight polymer 
injectors were gradually implemented at field water cut of 79% since 2007. The injection 
rate was 0.045 PV/year, and the polymer injection concentration was 1200 mg/L. After 
polymer flooding, the characteristics of polymer flooding such as decreasing water 
cut drop, increasing oil production, and injection profile improvement were observed 
gradually. In order to improve the performance of chemical flooding, eight polymer 
injectors were transferred into polymer-surfactant injectors since February 2011. The 
field water cut was successfully controlled, and the oil recovery was further improved 
(Figure 8). By the end of 2017, oil recovery had increased by 5.5%.

5. Prospect of offshore chemical EOR potential

At present, the offshore chemical flooding technologies represented by polymer 
flooding and surfactant-polymer flooding have achieved successful field tests and 
applications in China, and their technical reliability and economic effectiveness have 
been confirmed. However, it still faces some important challenges, including how 
to affordably develop the movable heavy crude oil with formation viscosity above 
150 mPa s, how to effectively contain the water channeling to further improve oil 
recovery, how to achieve efficient treatment of polymer-bearing produced fluid 
on offshore platforms, etc. Therefore, it is necessary to continuously explore and 
develop novel offshore chemical flooding technologies, such as the heavy oil activa-
tor flooding, intelligent chemical flooding, and their combination technology.

As for the field application of the offshore chemical flooding in China, the 
cumulative oil increment is estimated to be 8.23 million cubic meters in the three oil 
fields currently performed. The total economic benefit is 9.3 billion yuan, and the 

Figure 8. 
Field production curves in JW field.
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input-output ratio is 1:3.7. In addition, according to the present offshore chemical 
potential evaluation and plan, 41 reservoir units are suitable for chemical flooding 
in Bohai Bay, whose oil recovery could be improved by 6.53% according to predic-
tion [27, 28]. At the same time, China offshore chemical flooding technology and 
field applications provide valuable and practical reference for domestic and over-
seas counterparts. TOTAL and Chevron have, respectively, implemented polymer 
flooding tests in fields in West Africa, the North Sea, and Malaysia [28]. All of 
these attempts will further promote the progress of offshore chemical flooding and 
provide technical support for enhancing oil recovery in offshore oil fields.

6. Conclusions

1. Offshore chemical flooding technology system has been preliminarily estab-
lished in China including high-efficiency development model, chemical 
flooding agents, platform injection system, and produced liquid treatment 
technology.

2. Field tests and applications were successfully carried out in S, L, and J oil fields 
since 2003, and expected oil increment benefits have been achieved, which 
proved that offshore chemical EOR technology is feasible.

3. It has explored a new road for increasing the recovery rate of offshore oil field 
and provided a solid technical guarantee for the efficient development of off-
shore oil fields. With the expansion of the scale of offshore chemical flooding 
application at home and abroad, more and more considerable oil recovery will 
be achieved.
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Abstract

The use of carbon dioxide (CO2) as an improved oil recovery (IOR) method has 
been a common practice in petroleum engineering. In this chapter, various techni-
cal aspects of application of CO2 to increase oil recovery are discussed. From the 
required laboratory tests prior to field applications to postinjection monitoring of 
injected plume, the required onshore and offshore facilities, the environmental 
considerations, and challenges concerning the application of CO2 for EOR purposes 
have been covered in this chapter. Moreover, the emerging methods and industry 
trends in applications of CO2 for EOR will be discussed. The second part of this 
chapter is dedicated to CO2 sequestration as a method to mitigate CO2 emitted due 
to the anthropogenic activities. CO2 sequestration is the injection of large quantities 
of CO2 into underground reservoirs (oil and gas, aquifers, and coal deposits) where 
it can be securely and permanently stored.

Keywords: improved oil recovery, enhanced oil recovery, CO2 sequestration, 
CO2-EOR, CO2 miscibility

1. Introduction

Current dilemma faced by the United States in lowering the dependency on 
foreign energy source and curbing emissions of greenhouse gases has brought light 
to carbon dioxide (CO2)-enhanced oil recovery (EOR) method [1]. Oil recoveries 
using natural (primary) mechanisms rarely exceed 20% of the original oil-in-place 
(OOIP) [2]. Secondary methods of recovery often add few percentages to the 
above figure [2]. Hence, companies would welcome any methods that could lead 
to an increase in the production of the postwater/gas injection trapped oil in the 
reservoir. Injecting CO2 into oil reservoirs to improve the recovery of oil on com-
mercial (field) scales has been practiced since nearly half a century ago. The idea 
of CO2 flooding first emerged in 1930s, and more laboratory and field studies were 
conducted between 1950s and 1970s. Most of these implementations have been in 
North America. However, some small-to-large scale CO2 injection projects have 
been reported in other parts of the world [3, 4].

In this method, CO2 is usually injected as a supercritical fluid. When injected 
at or above the critical point of pressure and temperature, supercritical CO2 can 
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maintain the properties of a gas while having the density of a liquid. In this state, 
oil could be more efficiently mobilized from the depleted reservoir due to the 
improved volumetric efficiency. Conventionally, CO2 injection method is usually 
applied to the reservoirs with oil gravity less than 25 [5]. As CO2 is injected into the 
reservoir, the miscible CO2 will blend thoroughly with the oil in a manner that the 
interfacial tension between these two fluids becomes zero. The other mechanisms of 
CO2 by which the oil recovery is improved are the dissolution of CO2 in oil, swelling 
of oil, and eventually reduction of the viscosity of oil.

Since 2002, as a consequence of Kyoto protocol and imposing of the carbon tax, 
CO2 sequestration as a method to mitigate the high concentration of CO2 in the 
atmosphere has received a lot of attention [6, 7]. However, the lack of economic 
incentives has been the biggest hindrance to industrial field-scale application of CO2 
sequestration. Emerging in the last decade, CO2-EOR was proposed as a method to 
add economic benefits of CO2 injection to mature oil fields to the environmental 
merits of CO2 sequestration [6]. Therefore, considering the large amounts of 
research dedicated to CO2-EOR, it is expected that in the near future, more field 
applications of this technology will be implemented globally. In this chapter, the 
phase behavior and hydrocarbon miscibility of CO2 is discussed in detail.

2. Hydrocarbon miscibility

With decline in overall production levels from mature oil fields, oil companies 
have turned to enhanced oil recovery (EOR) techniques as a way of maximizing 
output. The more commonly applied technique is gas injection or miscible flood-
ing. Miscible flooding is a commonly used term used to describe gas injection 
processes. This involves the displacement of oil that aids in maintaining original 
reservoir pressures by reducing the interfacial tension that exists between the oil 
and gas phases. This acts by removing the interphase between the two fluid phases, 
and commonly used gases include CO2, natural gas, and nitrogen, with CO2 being 
the most prominently used gas. Research on the use of CO2 has been ongoing since 
the 1950s, continuing into the 1960s [8–10]. And the advantage that CO2 injection 
brought about was noticed as the increase in reservoir pressure that resulted in 
higher oil production due to the driving force provided by it. In its infancy, research 
on CO2 showed it to be immiscible with oil at reservoir pressures, but it was later 
discovered that under certain conditions of temperature, pressure, and oil composi-
tion, the carbon dioxide becomes enriched and becomes miscible with oil [11]. The 
pressure required for CO2 gas to attain miscibility in oil is also much lower than 
methane gas. The term “miscible flooding” has been adopted as the conventional 
phrase used to describe the process of gas injection.

The main advantages of using CO2 in this process include the following:

• The miscibility of CO2 with oil as highlighted earlier.

• It is a cheaper source of gas than other alternatives.

• By injecting it back, CO2 capture is also achieved.

From review of various literatures, an indication of the suitability of CO2 as an 
excellent solvent for EOR in onshore fields of Canada and the USA can be deduced. 
And from experience garnered worldwide by operators, CO2 flooding increases oil 
extraction by between 7 and 15% of oil initially in place. And also, it reduces the 
amount of CO2 in the atmosphere and greenhouse gases in general [12].
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Challenges associated with CO2-driven EOR include technological, economi-
cal, and supply. For example, a long pipe network is usually required to transmit 
CO2 from source to the field. High-pressure compressors are also another essential 
requirement in the injection process. Therefore, all these factors have to be assessed 
and weighed in relation to the extra oil recovered to determine if it is profitable.

In recent times, newer techniques such as water alternating CO2 injection and 
simultaneous water and CO2 injection have been developed, and they are deter-
mined to increase efficiency of oil recovery at lower costs.

A recent study commissioned by the Congressional Research Service shows that, 
theoretically, carbon-capture technology could remove as much as 80–90% of CO2 
from emissions.

The minimum miscibility pressure (MMP) of CO2 and NGL for conventional 
reservoirs are few hundreds psia higher compared to unconventional reservoir due 
to difference in pore size according to a study by Teklu et al. [13].

2.1 MMP in nanopores, fluid properties, and phase behavior

The deviation between the nanopore phase behavior from bulk (PVT cell) 
properties was studied [14–16]. The bubble point and dew point pressure, interfacial 

Figure 1. 
Pressure composition diagram—gas 1 system for Rangely oil: 95% CO2 and 5% CH4 gas at 160°F [13].
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tension (IFT), and minimum miscibility pressure (MMP) between injection and 
reservoir fluid change in nanopores due to small pore confinement effect [13]. MMP 
was calculated by including capillary pressure and critical property shifts in con-
fined pores using multiple mixing cell (MMC) algorithm of Ahmadi and Johns [17].

Phase behavior is important in the design of a variety of EOR processes, for 
example, surfactant/polymer processes and gas injection processes. The process of 
reducing interfaces between oil and displacing phase and hence removing effect of 
capillary forces between injected fluid and the oil is called miscible displacement. 
During the gas injection process, the required miscible-displacing fluid is gener-
ated by mixing the injected fluid with oil in the reservoir. Phase behavior of gas/oil 
systems is summarized in the pressure-composition (p-x) diagram. A work by Graue 
and Zana [18] summarizes the result for CO2 injection in the Rangely field, Colorado. 
The physical property date was obtained from constant composition expansion 
(CCE) to determine the phase envelope (bubble point and dew point envelope) and 
vapor/liquid equilibrium experiment (VLE) to yield vapor/liquid equilibrium con-
stant (K-values). The phase behavior of Rangely reservoir oil with different gases’ 
composition at reservoir temperature of 160°F showed that critical and saturation 
pressures of the injected gas/reservoir oil system were increased substantially by 10 
mol% N2 in the injected gas. The phase behavior data showed solid phase precipita-
tion that amount for 2–5% of the reservoir oil [18]. Figure 1 illustrates the pressure 
composition diagram of Rangely oil containing considerable amounts of CO2.

3. CO2 miscible injection method

The oil displacement process is classified into two types depending on the 
method on which miscibility is achieved. These are classified as first-contact 
miscible (FCM) and multiple-contact miscible (MCM). In the FCM process, a 
small quantity of a primary slug that is miscible with the oil is initially injected; 
afterwards, a larger quantity of a less expensive slug is injected. The size of the slugs 
injected is determined by the costs. Under ideal conditions, the two injected slugs 
should be miscible; thus, at both the leading and trailing edges of the primary slug, 
the phase behavior has to be monitored. In the case of these slugs being immiscible, 
a residual saturation of the primary material will be trapped in the displacement 
process. While during the MCM displacement process, miscibility in the reservoir is 
generated through in-situ composition changes due to multiple-contacts and mass 
transfer between the injecting fluid and oil present. These MCM processes are clas-
sified as displacements using vaporizing gas (lean gas), condensing and condens-
ing/vaporizing gas (enriched gas), and CO2.

3.1 Vaporizing gas drive mechanism

A relatively lean gas is gas containing a little low molecular weight hydrocarbon 
(or inert gases like nitrogen) and methane making up the rest of the composition. 
The schematic of the CO2 (Figure 2) miscible process shows the transition zone 
between the injection and production well [19].

After injection, its composition gets changed as it moves through the reservoir 
in the process becoming miscible with the original reservoir oil. This means that 
through multiple-contact the composition of the injected fluid is enriched, and 
intermediate components are vaporized into the injected gas. And at some point 
under the appropriate conditions, the enrichment reaches a level where the injected 
gas becomes miscible with oil in the reservoir. It is from this stage of the process, 
under ideal conditions, that displacement is said to occur [20–22].
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When using a condensing or enriched gas as the injecting fluid, the process is more 
expensive because the fluid tends to contain a high concentration of intermediate-
molecular-weight hydrocarbons. This process entails enrichment of the reservoir oil 
that first comes in contact with the injection fluid. Thereafter, hydrocarbon compo-
nents from the fluid are condensed into the oil, giving it the name condensing process. 
Under ideal conditions, this oil is sufficiently changed in composition such that it 
becomes miscible with increased fluid injection and miscible displacement thus occurs. 
This process can be operated at a lower pressure than the vaporizing process [23–26].

It has been a long held notion that the enriched-gas process is operated mechani-
cally, as highlighted in the previous paragraph. However, it has now been discovered 
that it is more often a combination of condensing and vaporizing mechanisms. The 
lighter components of the injected gas (C2 through C4) tend to condense into the 
reservoir oil as previously highlighted. While the middle intermediate components 
(C4+) become vaporized from the oil and absorbed into the gas phase, this prevents 
the development of miscibility between fresh injected gas and enriched oil at the 
entry point of the injection process (the oil becomes heavier). Further into the 
injection process, the light intermediates in the gas condensate into the oil, and this 
leads to the oil becoming saturated. As for the middle intermediate, vaporization 
continues due to the slight enrichment of the injected gas. When the condensation/
vaporization process proceeds further downstream, the gas becomes more enriched 
due to contact with the oil. And the enrichment is said to occur at the point where 
the gas “nearly” becomes miscible with the original reservoir oil, ensuring a more 
efficient displacement process, even though miscibility is never fully developed 
(i.e., the two phases are never fully miscible in all proportions) [20, 27–29].

CO2 is not miscible with most crude oils at first contact under normal reservoir 
conditions. However, at some ideal conditions of temperature, pressure, and 
composition, miscibility is expected to occur through multiple contacts. Overall, 
the process behavior is analogous to the vaporizing process. Under some conditions, 
the phase behavior can be more complex, having two liquid phases, or two liquid 
phases in addition to a vapor phase.

3.2 CO2-EOR injection consideration

There are two main groups of considerations for CO2-EOR, namely technical 
and economical (fiscal) considerations. CO2-EOR injection technical consideration 

Figure 2. 
Mechanisms of CO2 injection for EOR [19].



Enhanced Oil Recovery Processes - New Technologies

130

involves a complex engineering and differs from reservoir to reservoir. A detailed 
description of reservoir field and prospect of miscibility must be taken into account 
before considering CO2-EOR injection. Usually, the key parameters used in the 
technical consideration are remaining oil in place, minimum miscibility pressure, 
reservoir depth, oil API gravity, and formation dip angle.

In offshore fields, there are more factors that need to be considered. Firstly, the 
separation of CO2 from the produced gas is the ideal choice if the CO2 source is not 
in the vicinity of the field. Next, at high CO2 concentrations, there is a need for the 
facilities and operation to process the gas [21]. This is because CO2 becomes acidic 
as it is injected into the (formation) water and causes corrosion of the equipment 
in the offshore environment. If the fields are using CO2-WAG processes, then the 
facilities need to be compatible with acid that could be generated so that the corro-
sion in the facilities could be prevented [20–22].

Verma et al. [29] studied the parameters that affect the efficiency for increas-
ing the production of methane gas on Marcellus shale and concluded that the gas 
production can be increased by 7% with the optimal spacing between injection and 
production well. It can be concluded that the natural fracture permeability is the 
dominant factor to improve the production of methane. As the fracture half-length 
increases, the methane production increases and the possibility of CO2 break-
through also increases. The down side of this process is the cost as well as a high risk 
of leakage and the field pollution. This is due to the fact that the injecting of CO2 
can degrade the gas production as a result of the mixing initial gas in place with the 
injected CO2 [30]. Due to the miscibility of CO2 and the natural gas, their physical 
properties were potentially ideal for reservoir re-pressurization. For instance, CO2 
has higher density and lower mobility ratio compared to methane. Hence, CO2 
will sink in the reservoir; this can stabilize the displacement process between the 
injected CO2 and the methane initially in place.

Reservoir heterogeneity and solubility of CO2 in formation brine could also 
play a major role in causing early CO2 breakthrough to the production wells. The 
latter could be delayed, by re-pressurizing the reservoir [26, 31]. Generally, due 
to the benefits of CO2 injection to gas reservoir, CO2-EGR could be potentially 
efficient and therefore an attractive option in spite of a bigger investment required 
as compared to CO2 injection into oil reservoirs. Nevertheless, it can extract more 
hydrocarbons as compared to oil reservoirs.

The reservoirs must be subsequently screened for economic consideration based 
on standardized capital costs and operation expenses that are representative of the 
reservoirs under consideration. Wei et al. [27] found that the total crude oil recovery 
potential along with CO2 storage resource and net income for enterprises can be 
increased if the price of crude oil is high and the price of CO2 and tax is low. The 
cumulative cost-effective oil production varied between 0.3 and 1.3 billion tons (2.1 
and 9.1 billion barrels). This is consistent with research reported from Appalachian 
basin region, which suggests that CO2-EOR may be economically feasible in the 
study area when oil prices are $70/STB or higher [28, 32]. However, the economics of 
onshore CO2-EOR will face an undesirable impact due to complex geological proper-
ties, high viscosity of crude oil, high royalty rates, technology limitations, and the lack 
of incentives for CO2-EOR projects. Overall, a miscible CO2-EOR process is preferred 
considering all the technical and economical evaluations as detailed as possible.

4. The CO2 injection and sequestration facilities

In this chapter, the facilities that are required for CO2 injection and CO2 seques-
tration application both in the offshore and onshore environment are discussed.
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4.1 Onshore surface facilities

For CO2-EOR, the facilities required are almost the same with those that are 
required in water-flooding process that includes gas phase (CO2 and natural gases) 
gathering lines, CO2 metering, and distribution lines that are also required in the 
designing of the facilities for the CO2-EOR operations [33, 44]. However, there are 
three basic elements that differentiate the two processes. They are as follows:

1. Extraction: CO2 gas is extracted from the increasingly rich CO2 separator gas 
due to its breakthrough in producing wells.

2. Processing: It is the process of purifying of CO2 down to specification upon 
extraction from the separator gas and CO2 undergoing dehydration prior to 
compression.

3. Compression: CO2 undergoes compression to raise its pressure for injection.

One of the preliminary considerations for CO2 EOR facilities is the incorporation 
of the flue gas CO2 recovery plants, CO2 compression/dehydration unit, CO2 pipe-
lines, CO2 injection wells, and a facility for separating CO2 from associated gas as 
can be seen in Figure 3. Macon extensively discussed the details of Levelland Texas, 
which is one of the earliest projects of CO2 injection, from aspects of the design and 
operation of the facilities [33, 34].

4.1.1 CO2 transport, storage, and refrigeration

CO2 transport is the first operational aspect to take into consideration in a CO2 
injection project. CO2 transportation by trucks or rail cars may be deemed inefficient 
and costly if the supply source is far away from the injection site [34]. Moreover, 
since CO2-EOR requires millions and billions of tons of CO2, such methods of 
transportation are simply impractical. In the later projects, the CO2 is transported 
via pipeline system as a dry gas, separated from any existing water injection system.
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At the CO2 well head, an additional tee is necessary to be installed, which 
allows the high-pressure CO2 stream to be closed off away from the well head, 
which in turn will increase the safety of workovers and similar operations (refer 
Figures 5 and 6). No modifications are required in terms of artificial lift equip-
ment or the well head equipment during the implementation of the CO2 project 
mainly due to economic reasons and uncertainties of design parameters [37].

Injected CO2 eventually recycles back. The recycled stream may contain H2S 
[43]. While this may raise a cause for a higher possibility for stress cracking, unlike 
most systems, the recycle stream will be sufficiently dehydrated, so the need for 
protection can be minimized through mill analysis and inspection.

4.1.3 Field production facilities

Modifications to the well head were implemented in the ADCO’s Wasson ODC 
Unit, which include 80 nipples, 2000 psi-rated ball valves on the tubing head, and 
new elastomers in both the secondary seal and tubing slip seal. For beam pumped 
wells, the blowout preventer elastomers are also changed. For electrical submersible 
pumps, the tubing valve is being replaced with a 2000 psi-rated gate valve. Many 
equipment changes and tests are being conducted with respect to all artificial lift 
equipment. Pre-CO2 injection flowlines are to be replaced with higher pressure 
rated fiberglass pipes to increase line capacity, and not for corrosion resistance [38].

4.1.4 Remote production headers

The remote headers and satellite battery headers are responsible to collect, or 
centralize, production from numerous wells and to provide individual well test 

Figure 3. 
A typical system utilized in CO2-EOR [4].
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facilities for oil, water, hydrocarbon gas, and CO2 gas production. Remote headers 
are operated at pressure range of 30–35 psi, while the satellite batteries’ headers 
operate from 25 to 30 psi, whereas satellite batteries are to remove the majority of 
the hydrocarbon and CO2 gas from the produced fluids and to pump liquids to the 
fluid gathering, and obtain well tests [39]. Each satellite battery includes a header, 
test separator, production separator, and transfer pumps.

The specific design criteria for satellite batteries include the following:

1. Minimum of two phase production separators per satellite

Figure 4. 
CO2 trunkline blowdown station [5].

Figure 5. 
CO2 injection well head [5].
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2. A pump from separator system

3. Three phase test separators per ten wells

4.1.5 Separation process

Surface facilities in CO2-EOR requires recovery of CO2 and reinjecting it back 
to the well, with which CO2 release to the atmosphere can be minimized as well as 
purchasing cost of additional CO2 can be reduced. Typical surface facilities for CO2-
EOR are gas separation. Water treatment of CO2 compression and injection and also 
dehydration can be seen in Figure 7.

Dehydration column removes the moisture content of the gas stream by using 
the contact with lean glycol in the upper part of the 14 tray column and the gas 
must be cooled first by the air cooler. Rich glycol is extracted from the bottom of the 

Figure 7. 
Typical surface facilities for CO2-EOR [21].

Figure 6. 
Modifications on CO2 production well head [5].
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column and directed to the regeneration system, and dry gas passes through from 
the top to the compressor package.

A slug catcher is to catch any water as water will be continuously dropping, 
which may unload in slugs. Then, three-stage reciprocating compressor is used to 
increase the pressure of CO2 from 700 kPa(g) to approximately 10,000 kPa(g). 
At the first stage reciprocating compressor at 3000 kPa the CO2 is dehydrated. 
Afterwards, CO2 liquid is trucked to the site to supplement injection requirement 
and stored in refrigerated bullet. Then, the cryogenic triplex pumps are used to 
pump the CO2 liquid to injection pressure. After that, the liquid and compressed 
gaseous CO2 are commingled in a mixer [40]. A minimum well head temperature 
must be maintained so as not to freeze the inhibited water in the well annulus. 
Should the injection compressor be shut in, liquid CO2 is warmed by a trim heater.

4.2 Offshore CO2-EOR facilities

The majority of CO2-EOR projects are all similar in terms of facilities to those 
in the offshore. The following sections discuss the various equipment and facilities 
required at different phases of a typical offshore CO2 injection project.

4.2.1 Pig launcher and steel pipeline

Depending on the CO2 stream composition, weight, temperature, and pressure, 
the outline of pig launcher ought to be in certain standards and suitable measures 
(e.g., DNV OSF-101). Pigging is usually used for dispatching new or re-appointing 
existing pipelines. A reconditioned or new pipeline needs to be hydrotested to 
guarantee pressure integrity. Frequent inspection for any degradation and verifica-
tion of the effects of dry CO2 stream on the pipeline must be done. In any case, since 
the CO2 will be exceptionally dry, it is likely that future pigging operations will be 
less successive due to subsea situation. Normally, the pig traps are not fitted; thus, 
portable pig traps can be considered in the design [40].

Piping diameters and thickness are the main concern in designing the facilities 
in which for the purpose of CO2-EOR the pipeline could have two diverse design 
requirements. If the storage complex is already pressurized over the required level 
to keep the CO2 as fluid in injection wells, then the project may pick to utilize 
high-pressure liquid pipe. In other cases, for instance, the Hewitt Field model [11], 
the pressure inside the field would bit by bit be expanded using gaseous CO2 in the 
transport system until the field pressure can maintain liquid CO2 in the injection 
wells. During that time, the transport system would be changed over to a higher 
pressure fluid pipeline.

The pipeline system in onshore system is typically below 120 atm (1740.45 psi) 
and logically the pressure in the offshore CO2 pipeline is higher. In offshore frame-
works, the CO2 is being pumped under long distances; thus, there is much pressure 
loss due to friction. With trunkline pressure between 150 and 250 atm, the CO2 may 
be injected into geological formation without further boosting of pressure. The 
pressure will be affected by the distance of onshore facilities and offshore storage 
complexes, which may affect the wall thickness and pipeline diameters [21, 41].

Due to the danger of transporting high-pressure liquid CO2, the transportation 
will be done in liquid and subsupercritical. To diminish the risk in onshore pipe-
lines, it is likely that these will be at pressure lower than the required for offshore 
transport and ought to be expanded at a coastal booster station before going to 
offshore [42–44]. Besides, offshore pressure booster may be required if there is 
excessive pressure drop between onshore booster station and offshore storage 
complexes or if the pressure is inadequate to inject directly into reservoir [45]. 
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To avoid two-phase flow that leads to critical damage and cavitation, the pressure 
downstream of an offshore booster pump should be over bubble point [46].

4.2.2 CO2 injection

CO2 might be injected directly into the reservoir if the pipeline pressure is 
adequate. However, it is likely to bring CO2 onto platform for control pressure or to 
lift its pressure; certain design considerations should be considered. Below are the 
injection facilities’ operation conditions and the process flow diagram of field test 
of CO2 injection in Nagaoka, Japan [43]. Some operation details of injection facili-
ties in Nagaoka are summarized in Table 1.

4.2.3 Risers, emergency shut down valve (ESDV), compressors, and pumps

Risers are the piping that transports the fluid between the offshore platform 
and the seabed. Flexible risers are used especially on floating production installa-
tions. ESDV is placed between the moving pipe infrastructure and the riser to the 
platform as a safeguard gadget to guarantee no leakage of CO2 when there is failure 
in platform. It is likely found on the seabed where there is the possibility of heavy 
things to be dropped on the pipeline underneath during the lifting operation work. 
Moreover, it is designed to counter any structural failure on the platform and any 
upstream failure where it will cause the valve to close.

Pressure issue related to CCS projects may require extra pumping units due to 
higher pressure required over long distance. In the event that the pressure drops 
along offshore pipeline, usually pumps would be placed on an offshore platform [44].

4.2.4 Fluid separation

Due to the nature of CO2-EOR patterns, the water production is high, thus lead-
ing to the need for large separation capacity with inlet separators dominated with 
water rather than oil. Moreover, separation is harder because of scale, emulsion, 
ESP or gas lifting, and asphaltenes. A large CO2 reinjection compressors are needed 
due to high CO2 production that resulted from back produced CO2 in the system.

5. CO2 sequestration

Since the industrial revolution, concentration of CO2 and other greenhouse gases 
increased due to burning of fossil fuels. The measured atmospheric concentrations 
of CO2 are 100 ppm higher than preindustrial levels [46]. According to report pub-
lished by the Global Monitoring Division (formerly CMDL) of the National Oceanic 
and Atmospheric Administration, concentration of CO2 in the atmosphere has 
increased by 26% from less than 320 ppm in 1960 to 405 ppm in 2017 [47]. Fossil 

Injection rate Pressure Temperature CO2 phase

Range: 10–48 t/day Well head 1015.26 to 
1595.42 psi

Well head 32°C Kept to be “supercritical phase” 
(at well bottom)

Ordinary rate: 20 
to 40 t/day

Well bottom max. 
2755.72 psi

Well bottom 
48°C

Table 1. 
Operation conditions of injection facilities in Nagaoka, Japan [42].
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fuels provide 86% of the world’s energy and this amount is responsible for around 
91% of CO2 emissions. There is almost a global agreement about taking responsible 
actions in implementing energy sources in the years to come [48].

Subsurface CO2 sequestration is one of the various options for reducing the 
CO2 concentration in the atmosphere resulting from anthropogenic activities. CO2 
sequestration potentially provides around 25% of the required mitigation to global 
emissions, which can delay global warming to an acceptable extent [48]. Subsurface 
sequestration captures CO2 at the point of its emission and injects large amounts of 
it deep into subsurface formations where it can be stored permanently [49].

5.1 CO2 sequestration repositories

Several types of subsurface repositories may be utilized for sequestration of CO2. 
CO2 could be safely sequestrated in subsurface formations such as deep saline aqui-
fers, coal bed methane (CBM), and depleted hydrocarbon reservoirs. Due to known 
geological formation and existence of seal traps, CO2 may be more safely sequestrated 
in depleted oil and gas reservoirs as compared to saline aquifers and coal bed methane 
reservoirs. On the other hand, the abundance and higher storage capacity are two 
major motivations for sequestration of CO2 in saline aquifers. Figure 8 illustrates CO2 
sequestration in various underground repositories. International Energy Agency (IEA) 
estimated global geological sequestration (storage) potential of 400–10,000 Gt for 
saline formations and 900 Gt for depleted oil/gas fields [50]. CO2 sequestration requires 
comprehensive knowledge of characterization and behavior of CO2, rock and fluid 
interactions, as well as operation conditions in the geological formation of interest.

5.2 Mechanisms of sequestration

There are several mechanisms involved in the sequestration processes. In a 
typical CO2 sequestration, some of the injected gas dissolves in the formation water 
(solubility trapping), some may be trapped as residual gas saturation (nonwet trap-
ping), and some may react with host minerals to precipitate carbonate, i.e., mineral 
trapping.

Figure 8. 
CO2 sequestration in various geological settings [from helpsavenature.com].
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In trapping mechanism, the injected CO2 is trapped in reservoirs in a manner 
similar to natural gas. Further vertical movement of natural gas (similar to CO2) is 
hampered by cap rock, which is impermeable. Although combination of all of the 
sequestration mechanisms render CO2 immobile in the geological repositories, the 
structural/stratigraphic and residual fluid mechanisms have the most dominant 
and imminent effect on trapping or retaining CO2 in aquifers [51]. This mechanism 
is mainly governed by density of injected CO2. The density difference between the 
injected CO2 and brine determines further movement of CO2 plume to rise or sink.

In nonwet trapping, once the supercritical CO2 is injected into the formation, 
it relocates fluid as it passes through the porous rock. As CO2 continues to move, 
some of the CO2 is left as disconnected droplets in the interstices due to interfacial 
forces. This process occurs when relative permeability to nonwet phase, i.e., CO2, 
becomes zero; nonwet phase therefore is rendered immobile assuming the forma-
tion is water-wet. Just like trapping of oil droplets (as nonwetting phase) in the 
pores containing wetting-phase (being brine), CO2 fills the interstices between 
pores and is trapped as discontinuous phase. The phenomenon is largely domi-
nated by interfacial tension between the phases and wetting characteristics of the 
surface [52, 53].

Dissolution of CO2 in water is another important process responsible for 
sequestration of 20–60% injected CO2 in the geological formations. Dissolution 
mechanism occurs during migration of CO2 along its pathway in the injected forma-
tion. Over time, the injected CO2 dissolves into the formation brine, increasing its 
density. As a result, CO2-saturated brine sinks slowly and does not reach the surface. 
Moreover, the dissolution of injected high-pressure CO2 is in the formation brine 
acidifies the indigenous formation water [10]. Estimating capacity of this mecha-
nism requires reservoir simulation and knowledge of CO2 supply ratio and injection 
rate, rock/fluid properties, and reactions [54].

In CO2 mineralization, CO2 reacts with minerals in rock to form stable compo-
nents such as carbonates and aluminosilicate. It occurs along the migration pathway 
of CO2 into reservoir. Both rate and magnitude of reaction are dependent on the 
presence of reactive minerals [52] and formation water chemistry [55, 56]. Effective 
time for mineralization may vary from 500 to 1000 years. However, mineralization 
can give rise to precipitation of certain minerals and it leads to blockage of pore 
throat, thereby reducing permeability leading to loss of injectivity. The process is 
very slow and confined CO2 becomes immobile. The amount of CO2 sequestrated by 
this mechanism can be significant. Knowledge of mineralogy of a rock is the main 
requirement in predicting the behavior of CO2 in this mechanism.

5.3 CO2 sequestration capacity

The estimation capacity can be calculated using:

   G   CO  2     = A × h × Φ × ρ × E   (1)

where G is the volume of CO2, A is the area, h is the thickness, Φ is the porosity, 
and E is the efficiency factor for the CO2 sequestration operation. The abovemen-
tioned parameters are mostly in the following range: mostly within the following 
range in physical parameters:

• Areal extent of worldwide sedimentary basins (A): 70–80 million km2

• Aquifer thickness (h): 50–400 m
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• Porosity (Φ): 0.05–0.30

• CO2 solubility (S): 20–80 kg/m3; efficiency factor (Es): 0.01–0.5 
(*0.0001–0.01)

• CO2 density (ρ): 400–800 kg/m3; efficiency factor (Ef): 0.01–0.03 
(*0.0001–0.0006)

• Eq. (1) can be further modified to account for CO2 sequestration capacity that 
is coming from each trapping mechanism [51].

6. CO2 injection in unconventional reservoirs

Conventional reservoirs are oil and gas reserves that could be found in discrete 
accumulation of pools. Therefore, the hydrocarbon can be easily recovered through 
classic exploration techniques and vertical or deviated wells. Unconventional 
reservoirs on the other hand could be defined as a reservoir that requires out-of-
the-ordinary and hence complicated techniques of recovery as compared to the 
conventional oil and gas reservoirs [57, 58]. The main reasons why such reservoirs 
are getting considerable attention are the depletion of conventional sources and 
huge energy demand. Figure 9 shows the unconventional reservoirs that can be 
potentially produced for recovery of hydrocarbon. Tight-gas sands, gas and oil 
shales, coalbed methane, heavy oil, tar sands, and gas-hydrate deposits are among 
the most anticipated reservoirs. These reservoirs often necessitate complex recovery 

Figure 9. 
Common unconventional hydrocarbon reservoirs.
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solutions such as stimulation treatments or thermal recovery methods and particu-
lar process facilities. Moreover, those requirements should be technically and more 
importantly economically viable [59].

6.1 Shale reservoirs

Shale gas reservoir is referring to unconventional reservoirs that produce natural 
gas. Shale gas reservoir has received a lot of attention due to the potential reservoir 
in supplying clean burning energy and the way it copes with the depletion of 
conventional reservoirs [58]. However, at a certain time, the production of shale gas 
well decreases rapidly; thus, an enhanced gas recovery method has been aiming to 
improve the recovery from shale gas reservoirs.

In shale reservoir, methane (CH4) is adsorbed initially onto the surfaces of 
matrix particles and natural fracture faces and is stored in the matrix limiting 
its effective extraction [59]. Although large amounts of adsorbed gas exist, the 
ultra-low permeability of the shale matrix limits its effective extraction. CO2 
injection is one of the methods that are largely implemented for EOR purposes 
due to the availability of CO2, the economics of operation, specific properties of 
CO2 gas, and positive environmental impact. CO2 can be used for enhanced gas 
recovery as well [60]. The process of EGR (enhanced gas recovery) using CO2 is 
mainly dominated by pressurizing effect. The pressurizing effects can cause CO2 
injection to increase the rock permeability. The amount of CO2 injected into the 
well will be divided into two amounts; about 1% of injected CO2 will be pro-
duced, while 99% of injected CO2 will be stored in the reservoir. Therefore, tight 
shale gas reservoirs potentially make excellent repositories for CO2 sequestration 
purposes as well [60].

Various factors affect the recovery from tight shale reservoirs such as matrix 
porosity and permeability, hydraulic fracture half-length, and well spacing 
[61]. CO2 injection in shales is often conducted using huff and puff method. 
The supercritical carbon dioxide injection repressurizes the reservoir after 
the initial production period. Once the injected gas soaks from the fractures 
into the shale’s organic matrix through diffusion and convection, methane is 
released by the competitive adsorption since the shale has a stronger affinity for 
carbon dioxide than for methane. Then, during the second production period, 
the methane partial pressure is lowered and the shale gas production rate 
increases [62].

One example of such reservoirs is Chattanooga shale in Missouri, USA. The 
main objective of this project was to inject 500 tons of CO2 to survey the injection 
and storage potential of CO2 in a natural shale development while checking for 
enhanced gas recovery. The roads leading up to the wellpad were regraveled and 
graded to facilitate CO2 delivery by truck to the injection site. The wellpad was 
cleared and graveled prior to moving equipment on site. A 70-ton CO2 storage 
vessel was located permanently on site and refilled periodically by 20-ton tank-
ers. The skid pump with all the controls and meters, as well as the propane tank 
and heater to heat the CO2, was also located on site (Figure 10). The well head 
of the injection well was converted to accommodate the CO2 injection by add-
ing a gate valve, an inlet for the CO2 line, as well as a tee for additional tests and 
monitoring [63].

The injection of 510 tons of CO2 during this test exhibits the first success-
ful injection of CO2 in an organic shale formation to monitor for storage and 
enhanced gas recovery potential in Central Appalachia. This productive injection 
and monitoring of a CO2 infusion in an organic shale reservoir are extraordinary 



Enhanced Oil Recovery Processes - New Technologies

140

solutions such as stimulation treatments or thermal recovery methods and particu-
lar process facilities. Moreover, those requirements should be technically and more 
importantly economically viable [59].

6.1 Shale reservoirs

Shale gas reservoir is referring to unconventional reservoirs that produce natural 
gas. Shale gas reservoir has received a lot of attention due to the potential reservoir 
in supplying clean burning energy and the way it copes with the depletion of 
conventional reservoirs [58]. However, at a certain time, the production of shale gas 
well decreases rapidly; thus, an enhanced gas recovery method has been aiming to 
improve the recovery from shale gas reservoirs.

In shale reservoir, methane (CH4) is adsorbed initially onto the surfaces of 
matrix particles and natural fracture faces and is stored in the matrix limiting 
its effective extraction [59]. Although large amounts of adsorbed gas exist, the 
ultra-low permeability of the shale matrix limits its effective extraction. CO2 
injection is one of the methods that are largely implemented for EOR purposes 
due to the availability of CO2, the economics of operation, specific properties of 
CO2 gas, and positive environmental impact. CO2 can be used for enhanced gas 
recovery as well [60]. The process of EGR (enhanced gas recovery) using CO2 is 
mainly dominated by pressurizing effect. The pressurizing effects can cause CO2 
injection to increase the rock permeability. The amount of CO2 injected into the 
well will be divided into two amounts; about 1% of injected CO2 will be pro-
duced, while 99% of injected CO2 will be stored in the reservoir. Therefore, tight 
shale gas reservoirs potentially make excellent repositories for CO2 sequestration 
purposes as well [60].

Various factors affect the recovery from tight shale reservoirs such as matrix 
porosity and permeability, hydraulic fracture half-length, and well spacing 
[61]. CO2 injection in shales is often conducted using huff and puff method. 
The supercritical carbon dioxide injection repressurizes the reservoir after 
the initial production period. Once the injected gas soaks from the fractures 
into the shale’s organic matrix through diffusion and convection, methane is 
released by the competitive adsorption since the shale has a stronger affinity for 
carbon dioxide than for methane. Then, during the second production period, 
the methane partial pressure is lowered and the shale gas production rate 
increases [62].

One example of such reservoirs is Chattanooga shale in Missouri, USA. The 
main objective of this project was to inject 500 tons of CO2 to survey the injection 
and storage potential of CO2 in a natural shale development while checking for 
enhanced gas recovery. The roads leading up to the wellpad were regraveled and 
graded to facilitate CO2 delivery by truck to the injection site. The wellpad was 
cleared and graveled prior to moving equipment on site. A 70-ton CO2 storage 
vessel was located permanently on site and refilled periodically by 20-ton tank-
ers. The skid pump with all the controls and meters, as well as the propane tank 
and heater to heat the CO2, was also located on site (Figure 10). The well head 
of the injection well was converted to accommodate the CO2 injection by add-
ing a gate valve, an inlet for the CO2 line, as well as a tee for additional tests and 
monitoring [63].

The injection of 510 tons of CO2 during this test exhibits the first success-
ful injection of CO2 in an organic shale formation to monitor for storage and 
enhanced gas recovery potential in Central Appalachia. This productive injection 
and monitoring of a CO2 infusion in an organic shale reservoir are extraordinary 
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achievements and points of reference for CO2-EGR and additionally geologic CO2 
storage in unconventional reservoirs. Once the well was brought back online after 
the soaking period, a significant increase in gas production occurred. During the 
first month of flowback, the average daily production rate was ~124 Mcf/day, 
which is over 8 times the average production for the last month before the well was 
taken offline for injection [64]. After 2 years of flowback, the well was still flowing 
at an increased production rate but is close to the projected historical production 
rate. The similar behavior of the injection well has been reported for modeling CO2 
‘huff-and-puff ’ test in shale-oil reservoirs. The CO2 concentration in the product 
gas has steadily declined during the flowback of the injection well and 41% of the 
injected CO2 had been produced by the end of 2015 (17 months after flowback 
started). If the rate held constant, it would take over 8 years to produce all of the 
CO2 injected [63, 64].

6.2 Tight oil reservoir

The tight oil reservoir is a type of unconventional oil reservoir that is hard to 
produce due to the low permeability. In recent years, the exploitation of tight oil 
reservoir increased due to advanced technologies in the production industry and 
high demand for the energy. Two main technologies that need to be increased are 
horizontal drilling and multi-stage hydraulic fracturing. U.S. Energy Information 
Administration reported that tight oil production will increase from 33% of total 
lower 48 onshore oil production to 51% in 2040 [59, 60]. However, the decline 
curves of primary production are steep due to low permeability [60, 66]. CO2-
EOR is utilized more commonly as compared to water flooding in case of tight oil 
reservoirs due to the poor sweep efficiency of water flooding and low injectivity 
of water in tight oil reservoirs. Moreover, in case of the reservoirs with a higher 
wetting tendency toward oil (oil-wet), water flooding would be less effective. 
CO2-EOR could be implemented as continuous CO2 injection or huff and puff tech-
nique. Hydraulic fracturing is one of the most important mechanisms in recoveries 
from tight oil reservoirs. The geometry, the number, and the spacing of the fracture 
can affect the recovery from the tight oil reservoirs. Bakken reservoir in the US is 
one of the largest unconventional tight oil reservoirs that has been produced since 
early 1950s. Through years of production and study of the reservoir, engineers 
decided that the following strategies are suitable for this field as shown in Table 2.

Figure 10. 
Injection well site layout [63].
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The followings outcomes were observed during the simulation of CO2-EOR for 
the period of 30 years on Bakken Field:

1. Oil recovery factor increases with the increasing number of cycles of CO2 huff 
and puff, and the incremental oil recovery factor at a 30-year period is 2.43% 
corresponding to three cycles in this case study.

2. Lower permeability, longer fracture half-length, and more heterogeneity are 
much favorable for the CO2 huff and puff process.

3. The CO2 diffusion mechanism is more pronounced than the convention 
mechanism for the reservoir with lower permeability during the CO2 huff and 
puff process.

6.3 Heavy oil reservoir

Some of the world’s largest reserves are heavy oil reservoirs. With oil in place 
equal to the largest conventional oil fields in the Middle East, these large reserves 
are found in more than thirty countries around the globe, but few of these deposits 
have been developed extensively. One of the problems in the heavy oil reservoir is 
asphaltenic oil precipitate in the reservoir. Asphaltene is a component in petroleum, 
especially heavy oils. The asphaltene content could be defined by its solubility. 
Basically, any component that dissolves in toluene and precipitates in alkane is 
considered as asphaltene [65]. Various strategies and possible action to oil recover-
ies are summarized in Table 2.

Overall, heavy oil reservoirs are considered not favorable for CO2 flooding com-
pared to light oil reservoir due to lack of sweep efficiency. The considerable viscosity 
difference between heavy oil and the injected CO2 results in poor sweep efficiency 
from heavy oil reservoirs. Moreover, there is a possibility of asphaltene precipitation 
during miscible displacement; therefore, the compatibility of fluids is an important 
parameter to consider when designing EOR process for heavy oil reservoirs.

Strategies Actions

Development of CO2-EOR 
techniques for unlocking resources 
in tight oil formations

• CO2 injection may be the most suitable technique for recovery.

• Develop pragmatic and sustainable techniques in order to unlock 
resources in tight oil formations via this injection.

Tight formation characterization 
and multistage fracturing 
optimization

• For tight formations, the fracture systems are required such 
natural and hydraulic fracture.

• The results can be used to optimize the well spacing and fractur-
ing strategies.

Unlocking Bakken potential 
through CO2 huff and puff

• Efficient in fractured reservoirs.

• Potential to use mixtures such as CO2/field gas, CO2/methane, 
or CO2/propane to improve the oil recovery under different 
conditions.

Optimum CO2 and water-based 
oil recovery processes for Bakken 
formations

• To examine the oil recovery mechanisms and to evaluate the 
overall performance of WAG, GAW, and SWAG processes, in 
comparison to CO2 flooding under miscible conditions.

• Aim to determine the proper timing and also the slug sizes for 
different CO2 and water-based oil recovery processes, including 
their effects on total oil recovery.

Table 2. 
Strategies and action that could efficiently lead to increase in the recovery.
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7. Future horizons of CO2-EOR and sequestration

The potential effect of CO2-EOR is not so much a matter of whether but of 
when. The science of the process is known to the experts, and there are plenty of 
CO2 emitters from different sources available and many oil reservoirs to host these 
CO2 from these emitters. The key point is the economic decision that depends 
primarily on several factors. Oil price, capital cost of infrastructures, tax policies on 
CO2 emission, cost of CO2 capture from CO2 emitters, and the speed of technology 
developments are the key parameters for economic decisions. These parameters 
could be hard to predict; however, developing a platform to facilitate the decision-
making could speed up CO2-EOR and sequestration significantly.
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